


From: Andrew Chartrand
To: Wilson, Aimee
Cc: David.Ayers@cheniere.com; MRyan@trinityconsultants.com
Subject: CCL GHG Draft Permit and Statement of Basis
Date: Friday, January 31, 2014 4:24:01 PM
Attachments:

Responses CCL Draft SOB Comments_01.31.14.pdf
Turbine output based calculation.pdf

Aimee,
 
Attached are the draft GHG Permit and Statement of Basis documents for the CCL Project.  We took
the documents that you sent to us, removed the comments that you suggested that we delete during
our December meeting, and made suggested edits to address the comments. 
 
There were many comments in the Statement of Basis and we didn’t want to clutter the margins any
further, so we created a response document (attached) to detail our responses to each comment in the
Statement of Basis. 
 
Also attached is a calculation sheet for supporting documentation for changes.
 
Perhaps we can set up a call for early next week after you have had a chance to review these
documents.  Thank you.
 
Andrew J. Chartrand
Cheniere Energy, Inc.
700 Milam St., Suite 800
Houston, TX 77002
Phone: (713) 375-5429
Fax: (713) 375-6429
Cell: (832) 358-5535

mailto:Andrew.Chartrand@cheniere.com
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mailto:MRyan@trinityconsultants.com









  PREVENTION OF SIGNIFICANT DETERIORATION PERMIT

FOR GREENHOUSE GAS EMISSIONS

ISSUED PURSUANT TO THE REQUIREMENTS AT 40 CFR § 52.21



U.S. ENVIRONMENTAL PROTECTION AGENCY, REGION 6













Draft for XXX XX, 2013 public notice. 



Draft for XXX XX, 2013 public notice.  4



PSD PERMIT NUMBER:



PERMITTEE:







FACILITY NAME:





FACILITY LOCATION:





PSD-TX-1306-GHG



Corpus Christi Liquefaction, LLC

700 Milam Street, Suite 800

Houston, TX 77002



Corpus Christi Liquefaction, LLC Terminal

Corpus Christi Liquefaction Terminal



Off of SH 361 2 La Quinta Road	Comment by jrobins: Can you check with Cheniere to see if they have a better address at this point.

Gregory, TX  7853978359	Comment by achartrand: Updated address here.





Pursuant to the provisions of the Clean Air Act (CAA), Subchapter I, Part C (42 U.S.C. Section 7470, et. Seq.), and the Code of Federal Regulations (CFR) Title 40, Section 52.21, and the Federal Implementation Plan at 40 CFR § 52.2305 (effective May 1, 2011 and published at 76 FR 25178), the U.S. Environmental Protection Agency, Region 6 is issuing a Prevention of Significant Deterioration (PSD) permit to Corpus Christi Liquefaction, LLC (CCL) for Greenhouse Gas (GHG) emissions. The Permit for the Corpus Christi Liquefaction Terminal applies to the construction of a natural gas liquefaction and export plant and import facilities with regasification capabilities to be located in San Patricio and Nueces Counties, Texas.



CCL is authorized to construct a new liquefaction and export plant and import facilities with regasification capabilities as described herein, in accordance with the permit application (and plans submitted with the permit application), the federal PSD regulations at 40 CFR § 52.21, and other terms and conditions set forth in this PSD permit in conjunction with the corresponding Texas Commission on Environmental Quality (TCEQ) PSD permit No. PSD-TX-1306. Failure to comply with any condition or term set forth in this PSD Permit may result in enforcement action pursuant to Section 113 of the Clean Air Act (CAA). This PSD Permit does not relieve CCL of the responsibility to comply with any other applicable provisions of the CAA (including applicable implementing regulations in 40 CFR Parts 51, 52, 60, 61, 72 through 75, and 98) or other federal and state requirements (including the state PSD program that remains under approval at 40 CFR § 52.2303). 



In accordance with 40 CFR §124.15(b), this PSD Permit becomes effective 30 days after the service of notice of this final decision unless review is requested on the permit pursuant to 40 CFR §124.19.





__________________________________					                                               

Wren Stenger, Director							Date

Multimedia Planning and Permitting Division



Corpus Christi Liquefaction, LLC (PSD-TX-1306-GHG)

Prevention of Significant Deterioration Permit

For Greenhouse Gas Emissions

Draft Permit Conditions



PROJECT DESCRIPTION



Corpus Christi Liquefaction (CCL) is proposing to construct and operate a natural gas liquifacation and export plant and import facilities with regasification capabilities (collectively referred to as the “Project” or the “LNG Terminal”). The LNG Terminal will be capable of processing an annual average of approximately 2.1 billion standard cubic feet per day (BSCFD) of pipeline quality natural gas in the liquefaction mode and 400 million standard cubic feet per day (MMscf/d) 0.4 BSCFD in the vaporization mode. LNG will be imported or exported via LNG carriers that will arrive at the Project’s marine terminal. The facility will have the capability to liquefy natural gas from the pipeline system for export as LNG, or to import LNG and regasify to send it out into the pipeline system.



The LNG terminal will operate three trains each using six boiloff gas-fired refrigeration aeroderivative compressor turbines – for a total of 18 turbines. More specifically, six gas-fired turbines will include two methane, two ethanepropane, and two ethylene refrigeration turbines per train. Each of the three trains in the liquefaction process is equipped with an Acid Gas Removal Unit (AGRU). After sulfur removal, the acid gas is controlled by a thermal oxidizer installed on each train. The LNG Terminal will also have four standby emergency generators, three firewater pumps, one marine flare, and two wet/dry gas flares. Each liquefaction train will also include the following equipment:



· Facilities which remove carbon dioxide (CO2), hydrogen sulfide (H2S), and other sulfur compounds from the feed gas;

· Facilities to remove water and mercury from the feed gas; 

· Facilities to remove heavy hydrocarbons (such as benzene, toluene, ethylbenzene, and xylene (BTEX)) from the feed gas to avoid freezing in the liquefaction unit;

· Six gas turbines driven refrigerant compressors, each with water injection for emission control, and inlet air humidification systems;, that drive 14 refrigerant compressors;

· Waste heat recovery systems units for regenerating the gas driers and amine system;

· Induced draft air coolers;

· Miscellaneous storage vessels and tanks;

· Associated fire and gas safety systems;

· Associated control systems and electrical infrastructure;

· Utility connections and distribution systems;

· Soil improvements and paving; and

· Piping, pipe racks, foundation and structures within the LNG train battery limits.



The LNG Terminal will also be equipped with three full containment storage tanks. The tanks will be designed to store a nominal volume of 160,000 m3 (1,006,400 barrels) of LNG at a temperature of -270 oF and a maximum internal pressure of 3.5 pounds per square inch gauge (psig). 



EQUIPMENT LIST



The following devices are subject to this GHG PSD permit.



Pretreatment LNG Facility Equipment

		FIN

		EPN

		Description



		TRB1

TRB2

TRB3

TRB4

TRB5

TRB6

TRB7

TRB8

TRB9

TRB10

TRB11

TRB12

TRB13

TRB14

TRB15

TRB16

TRB17

TRB18

		TRB1

TRB2

TRB3

TRB4

TRB5

TRB6

TRB7

TRB8

TRB9

TRB10

TRB11

TRB12

TRB13

TRB14

TRB15

TRB16

TRB17

TRB18

		18 GE LM2500+ G4 aeroderivative gas turbines (Combustion Units). The exhaust gases from the ethylene refrigeration turbines (TRB3, TRB4, TRB9, TRB10, TRB15, and TRB16) are sent to waste heat recovery units, each having its own flue gas stack.



		TO-1

TO-2

TO-3

		TO-1

TO-2

TO-3

		3 Thermal Oxidizers (Combustion Units).



		WTDYFLR1

WTDYFLR2

		WTDYFLR1

WTDYFLR2

		2 Wet/Dry Flares (Combustion Units).



		MRNFLR

		MNFLR

		1 Marine Flare (Combustion Units). 



		GEN1

GEN2

GEN3

GEN4

		GEN1

GEN2

GEN3

GEN4

		4 diesel-fired Emergency Generators (Combustion Units). 2,220 horsepower (hp) each.  Diesel Fired Emergency Generators and limited to 27 hours of operation per year for non-emergency activities for each unit.



		FWPUMP1

FWPUMP2

FWPUMP3

		FWPUMP1

FWPUMP2

FWPUMP3

		3 diesel-fired Fire Water Pump Engines (Combustion Units). 422 horsepower (hp) each. Diesel Fired Fire Water Pumps and limited to 52 hours of operation per year for non-emergency activities for each unit.



		FUG

		FUG

		Process Fugitives.









I.   	GENERAL PERMIT CONDITIONS



A. PERMIT EXPIRATION



As provided in 40 CFR §52.21(r), this PSD Permit shall become invalid if construction:



1. is not commenced (as defined in 40 CFR §52.21(b)(9)) within 18 months after the approval takes effect; or



2. is discontinued for a period of 18 months or more; or



3. is not completed within a reasonable time.



Pursuant to 40 CFR §52.21(r), EPA may extend the 18-month period upon a written satisfactory showing that an extension is justified.



B. PERMIT NOTIFICATION REQUIREMENTS



Permittee shall notify EPA Region 6 in writing or by electronic mail of the:



1. date construction is commenced, postmarked within 30 days of such date;



2. actual date of initial startup, as defined in 40 CFR §60.2, postmarked within 15 days of such date; and



3. date upon which initial performance tests will commence, in accordance with the provisions of Section V, postmarked not less than 30 days prior to such date. Notification may be provided with the submittal of the performance test protocol required pursuant to Condition V.B.



C. FACILITY OPERATION



At all times, including periods of startup, shutdown, and maintenance, Permittee shall, to the extent practicable, maintain and operate the facility including associated air pollution control equipment in a manner consistent with good air pollution control practice for minimizing emissions. Determination of whether acceptable operating and maintenance procedures are being used will be based on information available to the EPA, which may include, but is not limited to, monitoring results, review of operating maintenance procedures and inspection of the facility.





D. MALFUNCTION REPORTING



1. Permittee shall notify EPA by mail within 48 hours following the discovery of any failure of air pollution control equipment, process equipment, or of a process to operate in a normal manner, which results in an increase in GHG emissions above the allowable emission limits stated in Section II and III of this permit.



2. Within 10 days of the restoration of normal operations after any failure described in I.D.1., Permittee shall provide a written supplement to the initial notification that includes a description of the malfunctioning equipment or abnormal operation, the date of the initial malfunction, the period of time over which emissions were increased due to the failure, the cause of the failure, the estimated resultant emissions in excess of those allowed in Section II and III, and the methods utilized to mitigate emissions and restore normal operations.



3. Compliance with this malfunction notification provision shall not excuse or otherwise constitute a defense to any violation of this permit or any law or regulation such malfunction may cause.



E. RIGHT OF ENTRY



EPA authorized representatives, upon the presentation of credentials, shall be permitted:



1. to enter the premises where the facility is located or where any records are required to be kept under the terms and conditions of this PSD Permit;



2. during normal business hours, to have access to and to copy any records required to be kept under the terms and conditions of this PSD Permit;



3. to inspect any equipment, operation, or method subject to requirements in this PSD Permit; and,



4. to sample materials and emissions from the source(s).



F. TRANSFER OF OWNERSHIP



In the event of any changes in control or ownership of the facilities to be constructed, this PSD Permit shall be binding on all subsequent owners and operators. Permittee shall notify the succeeding owner and operator of the existence of the PSD Permit and its conditions by letter; a copy of the letter shall be forwarded to EPA Region 6 within thirty days of the letter signature.



G. SEVERABILITY



The provisions of this PSD Permit are severable, and, if any provision of the PSD Permit is held invalid, the remainder of this PSD Permit shall not be affected.



H. ADHERENCE TO APPLICATION AND COMPLIANCE WITH OTHER ENVIRONMENTAL LAWS



Permittee shall construct this project in compliance with this PSD Permit, the application on which this permit is based, the TCEQ PSD Permits PSD-TX-1302 1306 and PSD-TX-1284 and NNSR Permits N150 and N170 (when issued) and all other applicable federal, state, and local air quality regulations. This PSD permit does not release the Permittee from any liability for compliance with other applicable federal, state and local environmental laws and regulations, including the Clean Air Act.




I. ACRONYMS AND ABBREVIATIONS 



API			American Petroleum Institute

BACT			Best Available Control Technology

BOG			Boil-off Gas

BSCFD			Billion Standard Cubic Feet per Day

CAA			Clean Air Act

CC			Carbon Content

CCS			Carbon Capture and Sequestration

CEMS			Continuous Emissions Monitoring System

CFR			Code of Federal Regulations

CH4			Methane

CO2			Carbon Dioxide

CO2e			Carbon Dioxide Equivalent

CT			Combustion Turbine

DIB			Deisobutanizer

DLNB			Dry Low-NOx Burner

dscf			Dry Standard Cubic Foot

EF			Emission Factor

EPN			Emission Point Number

FIN			Facility Identification Number

FR			Federal Register

GHG			Greenhouse Gas

gr			Grains

GWP			Global Warming Potential

HHV			High Heating Value

hr			Hour

LAER			Lowest Achievable Emission Rate

lb			Pound

LDAR			Leak Detection and Repair

LNG			Liquid Natural Gas

MMBtu			Million British Thermal Units

MSS			Maintenance, Start-up and Shutdown

mtpa			Million Tons per Annum

NNSR			Nonattainment New Source Review

N2O			Nitrous Oxides

NOx			Nitrogen Oxides

NSPS			New Source Performance Standards

PSD			Prevention of Significant Deterioration

QA/QC			Quality Assurance and/or Quality Control

SCFH			Standard Cubic Feet per Hour

SCR			Selective Catalytic Reduction

SF6			Sulfur Hexafluoride

TAC			Texas Administrative Code

TCEQ			Texas Commission on Environmental Quality

TPY			Tons per Year

USC			United States Code

VOC			Volatile Organic Compound




II. Annual Emission Limits	



Annual emissions, in tons per year (TPY) on a 12-month, rolling average, shall not exceed the following:



Table 1.  Annual Emission Limits1

		FIN

		EPN

		Description

		GHG Mass Basis

		TPY CO2e2,3

		BACT Requirements



		

		

		

		



		TPY2

		

		



		TRB1

TRB2

TRB3

TRB4

TRB5

TRB6

TRB7

TRB8

TRB9

TRB10

TRB11

TRB12

TRB13

TRB14

TRB15

TRB16

TRB17

TRB18

		TRB1

TRB2

TRB3

TRB4

TRB5

TRB6

TRB7

TRB8

TRB9

TRB10

TRB11

TRB12

TRB13

TRB14

TRB15

TRB16

TRB17

TRB18

		Combustion Turbines

		CO2

		146,6014

		146,74747524

		116 491 lb CO2e/MMBtu MMscf outlet LNG for each turbine. See Special Conditions III.A.1.k.	Comment by Cheryl Vetter: How is this BACT?  This is just the emissions factor for burning natural gas.  There should be an output based limit that reflects some level of  efficient performance, right?  



		

		

		

		CH4

		2.84

		

		



		

		

		

		N2O

		0.284

		

		



		TO-1

		TO-1

		Thermal Oxidizer 1

		CO2

		196,438

		196,456458

		57.8 tons CO2/MMscf combusted. Good Combustion and Operating Practices. See Special Conditions III.A.2.	Comment by Cheryl Vetter: This is also pretty close to the emission factor for natural gas, but at least there are work practice standards that apply.



		

		

		

		CH4

		0.55

		

		



		

		

		

		N2O

		0.02

		

		



		TO-2

		TO-2

		Thermal Oxidizer 2

		CO2

		196,438

		196,456458

		57.8 tons CO2/MMscf combusted. Good Combustion and Operating Practices. See Special Conditions III.A.2.



		

		

		

		CH4

		0.55

		

		



		

		

		

		N2O

		0.02

		

		



		TO-3

		TO-3

		Thermal Oxidizer 3

		CO2

		196,438

		196,456458

		57.8 tons CO2/MMscf combusted. Good Combustion and Operating Practices. See Special Conditions III.A.2.



		

		

		

		CH4

		0.55

		

		



		

		

		

		N2O

		0.02

		

		



		WTDYFLR1

		WTDYFLR1

		Wet/Dry Gas Flare 1

		CO2

		90066,670

		4,47071,270

		MSS gas flow rate limited to 298,593340,734 lb/hr. Good Combustion Practices. See Special Condition III.A.3.



		

		

		

		CH4

		170184

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		WTDYFLR2

		WTDYFLR2

		Wet/Dry Gas Flare 1

		CO2

		90066,670

		4,47071,270

		MSS gas flow rate limited to 298,593340,734 lb/hr. Good Combustion Practices. See Special Condition III.A.3.



		

		

		

		CH4

		170184

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		MRNFLR

		MRNFLR

		Marine Flare

		CO2

		20525,932

		21728,607

		Normal operation limited to 2,800 8,760 hours/yr. Good Combustion Practices. See Special Condition III.A.3.



		

		

		

		CH4

		0.56107

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		GEN1

		GEN1

		Emergency Generator 1

		CO2

		35

		35

		Limit operation to no more than 27 hours on a 12-month rolling basis. See Special Condition III.A.4.b.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		GEN2

		GEN2

		Emergency Generator 2

		CO2

		35

		35

		Limit operation to no more than 27 hours on a 12-month rolling basis. See Special Condition III.A.4.b.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		GEN3

		GEN3

		Emergency Generator 3

		CO2

		35

		35

		Limit operation to no more than 27 hours on a 12-month rolling basis. See Special Condition III.A.4.b.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		GEN4

		GEN4

		Emergency Generator 4

		CO2

		35

		35

		Limit operation to no more than 27 hours on a 12-month rolling basis. See Special Condition III.A.4.b.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		FWPUMP1

		FWPUMP1

		Fire Water Pump 1

		CO2

		3813

		3813

		Limit operation to no more than 52 hours on a 12-month rolling basis. See Special Condition III.A.4.c.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		FWPUMP2

		FWPUMP2

		Fire Water Pump 2

		CO2

		3813

		3813

		Limit operation to no more than 52 hours on a 12-month rolling basis. See Special Condition III.A.4.c.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		FWPUMP3

		FWPUMP3

		Fire Water Pump 3

		CO2

		2213

		2213

		Limit operation to no more than 52 hours on a 12-month rolling basis. See Special Condition III.A.4.c.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		FUG

		FUG

		Fugitive Process Emissions 

		CO2

		No Emission Limit Established7

		No Emission Limit Established7

		Implementation of LDAR and AVO monitoring program. See Special Condition III.A.5.



		

		

		

		CH4

		No Emission Limit Established7

		

		



		Totals8	Comment by achartrand: There is no footnote 8 below.

		CO2

		3,230,375 3,387,583

		CO2e 3,249,302 3,402,278

		



		

		CH4

		826 527

		

		



		

		N2O

		5.1

		

		





1. Compliance with the annual emission limits (tons per year) is based on a 365-day total, rolled daily.

2. The TPY emission limits specified in this table are not to be exceeded for this facility and include emissions from the facility during all normal operations and include MSS activities.

3. Global Warming Potentials (GWP): CH4 = 215, N2O = 310298

4. The values shown are for each turbine. The emissions for all 18 turbines combined are 2,638,818 tpy CO2, 50 tpy CH4, 5 tpy N2O, and 2,641,418 558 tpy CO2e.

5. All values indicated as “No Numerical Limit Established” are less than 0.01 TPY with appropriate rounding. The emission limit will be a design/work practice standard as specified in the permit.

6. Fugitive process emissions from EPN FUG are estimated to be 433 TPY of CH4, 0.22 TPY CO2. and 9,09310,825 TPY CO2e. The emission limit will be a design/work practice standard as specified in the permit.

7. The total emissions for CH4 and CO2e include the PTE for process fugitive emissions of CH4.



8. 


III. SPECIAL PERMIT CONDITIONS



A. Emission Unit Work Practice Standards, Operational Requirements, and Monitoring



1. Combustion Turbines (EPNs: TRB1, TRB2, TRB3, TRB4, TRB5, TRB6, TRB7, TRB8, TRB9, TRB10, TRB11, TRB12, TRB13, TRB14, TRB15, TRB16, TRB17, and TRB18) 



a. The combustion turbines shall combust  boil-off gas (BOG) and pipeline quality natural gas with a fuel sulfur content of up to 5 grains of sulfur per 100 dry standard cubic feet (gr S/100 dscf).	Comment by dayers: Why does a GHG Permit have S requirement?

b. The combustion turbines for ethylene refrigeration (TRB3, TRB4, TRB9, TRB10, TRB15, and TRB16) shall each be equipped with a Waste Heat Recovery Unit (WHRU).

c.  All fuel combustion units identified in this permit shall have fuel metering for each fuel, and Permittee shall:	Comment by achartrand: Is this true for diesel engines? Diesel engines?  Please clarify.



i. Measure and record the fuel flow rate using an operational non-resettable elapsed flow meter or by recording the flow rate data in an electronic format with individual flow measurements being taken no less frequently than once every 15 minutes. Electronic data may be reduced to hourly averages for recordkeeping purposes.

ii. Record the total fuel combusted for each fuel monthly. 

iii. The fuel gross calorific value (GCV) [high heat value (HHV)] of the fuel shall be determined, at a minimum, semiannually by the procedures contained in 40 CFR Part 98.34(a)(6)  and records shall be maintained of the semiannual fuel GCV for a period of five years. Upon request, Permittee shall provide a sample and/or analysis of the fuel that is fired in the heaters or shall allow a sample to be taken by EPA for analysis.

iv. The fuel flow of the fuel fired in the combustion turbines (TRB1, TRB2, TRB3, TRB4, TRB5, TRB6, TRB7, TRB8, TRB9, TRB10, TRB11, TRB12, TRB13, TRB14, TRB15, TRB16, TRB17, and TRB18) shall be continuously monitored and recorded.



d. Permittee shall calibrate and perform preventative maintenance check of the fuel flow meters and document annually.

e. Permittee shall install temperature monitoring equipment for measurement of temperature in the exhaust gas, engine, and the WHRU on the ethylene refrigeration turbines (TRB3, TRB4, TRB9, TRB10, TRB15, and TRB16).

f. Permittee shall install and operate pressure and vibration monitoring equipment on the combustion turbine packages.

g. The combustion turbines shall be equipped with a control package that monitors the air/fuel ratio in the combustion primary zone.

h. All analyzers identified in this section III.A.1. shall achieve 95% on-stream time or greater.

i. The Permittee shall record the volume of residue compressed on a daily basis, and totaled monthly in MMSCF.

j. The Permittee shall measure and record the flow and temperature on the hot oil system that uses the recovered heat from the WHRU. The amount of heat recovered by the WHRU will be calculated from these measurements and converted to horse power (hp). The hp from the WHRU will be added to the combustion turbine to give an overall system thermal efficiency.	Comment by dayers: We do not see the point in this permit condition unless plans to add a permit condition requiring some minimum efficiency. Would like to understand why this is proposed. 

k. The combustion turbines shall meet a BACT limit of 116 lbs of CO2/MMBtu491 lb CO2e/MMscf outlet LNG, on a 12-month rolling average basis.

l. Permittee shall calculate, on a monthly basis, the amount of CO2 emitted from combustion in tons/yr using equation C-2a in 40 CFR Part 98 Subpart C, converted to short tons. Compliance shall be based on a 12-month rolling basis to be updated by the last day of the following month.

m. Permittee shall calculate the CH4 and N2O emissions on a 12-month rolling basis to be updated by the last day of the following month. Permittee shall determine compliance with the CH4 and N2O emissions limits contained in this section using the default CH4 and N2O emission factors contained in Table C-2 and equation C-9a of 40 CFR Part 98 and the measured actual heat input (HHV), converted to short tons.

n. Permittee shall calculate the CO2e emissions on a 12-month rolling basis, based on the procedures and Global Warming Potentials (GWP) contained in Greenhouse Gas Regulations, 40 CFR Part 98, Subpart A, Table A-1, as published on October 30, 2009 (74 FR 56395). The record shall be updated by the last day of the following month.



2. Thermal Oxidizers (TO-1, TO-2, and TO-3) 



a. Each of the three natural gas liquefaction trains is equipped with a thermal oxidizer (TO1, TO2, and TO3). GHG emissions from the thermal oxidizers result from fuel gas combustion (pipeline quality natural gas or boil-off gas (BOG)) and waste gas combustion (waste gas from acid gas removal units).

b. Each thermal oxidizer is designed to combust low-VOC concentration waste gas from the amine units and has a fuel rating of 5 23.08 MMBtu/hr when firing natural gas.	Comment by achartrand: Melissa Ryan – 
The stream is low concentration VOC.  It is 0.037 mol% VOC (369 ppmv).

c. Each thermal oxidizer shall have an initial stack test, and annual compliance testing, to verify destruction and removal efficiency (DRE) for VOC of 99.9%.	Comment by dayers: Why do we need a VOC testing requirement in a GHG permit?

d. Each plant train is equipped with an Acid Gas Removal Unit (AGRU). The waste gas from each AGRU is shall be routed to a thermal oxidizer for combustion.

e. For burner combustion, natural gas and BOG fuel usage (scf) and BOG (scf) are shall be recorded using an operational non-resettable elapsed flow meter at each thermal oxidizer.

f. The flow rate of the waste gas combusted shall be measured and recorded using an operational non-resettable elapsed flow meter at each thermal oxidizer. 

g. Waste gas will be sampled and analyzed on a quarterly basis for composition. The sampled data will be used to calculate GHG emissions to show compliance with the limits specified in Table 1.

h. Permitee shall calculate CO2 emissions, on a monthly basis, using equation W-3 consistent with 40 CFR Part 98, Subpart W [98.233(d)(2)].

i. The Permittee shall maintain a BACT limit of 57.8 tons of CO2/MMscf burned in each thermal oxidizer.

j. Periodic maintenance will help maintain the destruction efficiency of the thermal oxidizer and shall be performed at a minimum annually or more often as recommended by the manufacturer specifications.

k. The thermal oxidizers shall be stack tested annually.

l. The thermal oxidizers’ exhaust temperature shall be continuously monitored and recorded when waste gas is directed to the oxidizers. The temperature measurement devices shall reduce the temperature readings to an averaging period of 6 minutes or less and record it at that frequency.

m. The Permittee shall maintain the combustion temperature at a minimum of 1,400 ºF at all times when abating waste gases from the AGRU in the thermal oxidizer. Temperature monitoring of the thermal oxidizer will ensure proper operation. The Permittee shall install and maintain a temperature recording device with an accuracy of the greater of ±0.75 percent of the temperature being measured expressed in degrees Celsius or ±2.5ºC.

n. Oxygen analyzers shall continuously monitor and record oxygen concentration when waste gas is directed to the thermal oxidizers. It shall reduce the oxygen readings to an averaging period of 6 minutes or less and record it at that frequency.

o. A relative accuracy test audit (RATA) of the stack O2 analyzer is required once every four quarters in accordance with 40 CFR Part 60, Appendix F, Procedure 1, § 5.1.1. 

p. The oxygen analyzers shall be quality-assured at least quarterly using cylinder gas audits (CGAs) in accordance with 40 CFR Part 60, Appendix F, Procedure 1, § 5.1.2.



3. Flares (EPNs: WTDYFLR1, WTDYFLR2, and MRNFLR)



a. Flares shall have a minimum destruction and removal efficiency (DRE) of 99.9%  for methane based on flowrate and gas composition measurements as specified in 40 CFR Part 98 Subpart W § 98.233(n).

b. Flares  are intermittent use flares, not continuous process flares. Emission Units (WTDYFLR1, WTDYFLR2, and MRNFLR) shall only combust natural gas as a continuous stream for the flare pilot.

c. All flares are non-assisted.

d. The wet/dry flares (WTDYFLR1 and WTDYFLR2) are used to control MSS emissions and will have pilot gas emissions 8,760 hours per year.

e. The total hourly gas flow rate to the wet/dry flares (WTDYFLR1 and WTDYFLR2) shall not exceed 298,596341,667 lb/hr and the annual gas flow rate shall not exceed 37,738,00048,714,426 lbs/yr.

f. The marine flare (MRNFLR) will be used to control ship loading emissions and shall operate no more than 2,8008,760 hours per year of normal operation. The flare shall operate no more than 240 hours per year in gas conditioning operations.  

g. Permittee must record the time, date, fuel heat input (HHV) in MMBtu/hr and duration of each MSS event. The records must include hourly CH4 emission levels as measured by the in-line gas analyzer (Gas chromatograph or equivalent with volumetric stack gas flowrate) and the calculations based on the actual heat input for the CO2, N2O, and CH4 emissions during each MSS event. These records must be kept for five years following the date of each event.

h. Permittee must record the fuel heat input (HHV) in MMBtu/hr during flare operation. The records must include hourly CH4 emission levels as measured by the in-line gas analyzer (Gas chromatograph or equivalent with volumetric stack gas flowrate) and the calculations based on the actual heat input for the CO2, N2O, and CH4 emissions. These records must be kept for five years following the date of each event.

i. Each flare shall be designed and operated in accordance with 40 CFR 60.18 including specifications of minimum heating value of the waste gas, maximum tip velocity, and pilot flame monitoring. An infrared monitor is considered equivalent to a thermocouple for flame monitoring purposes.



4. Emergency Generators (EPNs: GEN1, GEN2, GEN3, and GEN4) and Fire Water Pump Generators (EPNs: FWPUMP1, FWPUMP2, and FWPUMP3)



a. The Diesel Fired Emergency Generators (GEN1, GEN2, GEN3, and GEN4) and Diesel Fired Fire Water Pumps (FWPUMP1, FWPUMP2, and FWPUMP3) are authorized to fire diesel fuel containing no more than 0.5 percent sulfur by weight. Upon request, Permittee shall provide a sample and/or an analysis of the fuel-fired in the emission units (GEN1, GEN2, GEN3, GEN4, FWPUMP1, FWPUMP2, and FWPUMP3) or shall allow a sample to be taken by EPA for analysis to demonstrate the percent sulfur of the fuel.	Comment by dayers: Why a S requirement?

b. The Diesel Fired Emergency Generators are limited to 27 hours of non-emergency operation per year for each unit.

c. The Diesel Fired Fire Water Pump Generators are limited to 52 hours of non-emergency operation per year for each unit.

d. The Diesel Fired Emergency Generators and Diesel Fired Fire Water Pump Generators shall meet the monitoring and recordkeeping requirements as required in 40 CFR Part 60 Subpart IIII, Standards of Performance for Stationary Compression Ignition Internal Combustion Engines.  

e. Permittee shall install and maintain an operational non-resettable elapsed time meter for the Diesel Fired Emergency Generators and Diesel Fired Fire Water Pumps.

f. Permittee shall maintain a file of all records, data measurements, reports and documents related to the operation of the Diesel Fired Emergency Generators and Diesel Fired Fire Water Pumps, including, but not limited to, the following:  all records or reports pertaining to maintenance performed, all records relating to performance tests and monitoring of the emergency generator and fire pump equipment; for each diesel fuel oil delivery, documents from the fuel supplier certifying compliance with the fuel sulfur content limit of Special Condition III.B.7.a, hours of operation; and all other information required by this permit recorded in a permanent form suitable for inspection.  The file must be retained for not less than five years following the date of such measurements, maintenance, reports, and/or records.



5. Process Fugitives (FUG)



a. The Permittee shall implement the TCEQ 28LAER leak detection and repair (LDAR) program for fugitive emissions of methane for process lines in VOC service (> 10% VOC).

b. The Permittee shall implement the TCEQ 28M leak detection and repair (LDAR) program for fugitive emissions of methane for process lines in methane service (>10% methane). 

c. The Permittee shall implement an audio/visual/olfactory (AVO) monitoring program to monitor for leaks in between instrument monitoring required by III.A.5.a. and b.

d. Permittee shall maintain a file of all records, data measurements, reports and documents related to the fugitive emission sources including, but not limited to, the following:  all records or reports pertaining to maintenance performed, all records relating to compliance with the Monitoring and Quality Assurance and Quality Control (QA/QC) procedures outlined in 40 CFR 98.304.



C. Continuous Emissions Monitoring Systems (CEMS)



1. As an alternative to Special Conditions III.A.1.l. and III.A.2.h. , Permittee may install a CO2 CEMS and volumetric stack gas flow monitoring system with an automated data acquisition and handling system for measuring and recording CO2 emissions discharged to the atmosphere, and use these values to show compliance with the annual emission limit in Table 1.

2. Permittee shall ensure that all required CO2 monitoring system/equipment are installed and all certification tests are completed on or before the earlier of 90 unit operating days or 180 calendar days after the date the unit commences operation.

3. Permittee shall ensure compliance with the specifications and test procedures for CO2 emission monitoring system at stationary sources, 40 CFR Part 75, or 40 CFR Part 60, Appendix B, Performance Specification numbers 1 through 9, as applicable.

IV. Recordkeeping and Reporting



1. In order to demonstrate compliance with the GHG emission limits in Table 1, the Permittee will monitor the following parameters and summarize the data on a calendar month basis.



a. Operating hours for all air emission sources;

b. The natural gas fuel usage and BOG usage for all combustion sources, using continuous fuel flow monitors (a group of equipment can utilize a common fuel flow meter, as long as actual fuel usage is allocated to the individual equipment based upon actual operating hours and maximum firing rate); and

c. Annual fuel sampling for natural gas, quarterly fuel sampling of waste gas.



2. Permittee shall implement the TCEQ 28M leak detection and repair (LDAR) program and keep records of the monitoring results, as well as the repair and maintenance records.

3. Permittee shall maintain a  all records, data, measurements, reports, and documents related to the operation of the facility, including, but not limited to, the following:  all records or reports pertaining to significant maintenance performed on any system or device at the facility; duration of startup, shutdown; the initial startup period for the emission units; pollution control units; malfunctions; all records relating to performance tests, calibrations, checks, and monitoring of combustion equipment; duration of an inoperative monitoring device and emission units with the required corresponding emission data; and all other information required by this permit recorded in a permanent form suitable for inspection. The records must be retained for not less than five years following the date of such measurements, maintenance, reports, and/or records.

4. Permittee shall maintain records of all GHG emission units and CO2 emission certification tests and monitoring and compliance information required by this permit.

5. Permittee shall maintain records and submit a written report of all excess emissions to EPA semi-annually, except when:  more frequent reporting is specifically required by an applicable subpart; or the Administrator or authorized representative, on a case-by-case basis, determines that more frequent reporting is necessary to accurately assess the compliance status of the source. The report is due on the 30th day following the end of each semi-annual period and shall include the following:



a. Time intervals, data and magnitude of the excess emissions, the nature and cause (if known), corrective actions taken and preventive measures adopted;

b. Applicable time and date of each period during which the monitoring equipment was inoperative (monitoring down-time);

c. A statement in the report of a negative declaration; that is; a statement when no excess emissions occurred or when the monitoring equipment has not been inoperative, repaired or adjusted; and

d. Any failure to conduct any required source testing, monitoring, or other compliance activities. 



6. Excess emissions shall be defined as any period in which the facility emissions exceed a maximum emission limit set forth in this permit.

7. Excess emissions indicated by GHG emission source certification testing or compliance monitoring shall be considered violations of the applicable emission limit for the purpose of this permit.

8. All records required by this PSD Permit shall be retained and remain accessible for not less than 5 years following the date of such measurements, maintenance, and reporting. 



V. Initial Performance Testing Requirements: 



A. The holder of this permit shall perform an initial stack test to establish the actual quantities of air contaminants being emitted into the atmosphere from emission units TRB1, TRB2, TRB3, TRB4, TRB5, TRB6, TRB7, TRB8, TRB9, TRB10, TRB11, TRB12, TRB13, TRB14, TRB15, TRB16, TRB17, TRB18, TO-1, TO-2, and TO-3 to determine the initial compliance with the CO2 emission limits established in this permit. Sampling shall be conducted in accordance with 40 CFR § 60.8 and EPA Method 3a or 3b, in 40 CFR 60 Appendix A, for the concentration of CO2.



1. For each Combustion Turbine, calculate the CO2 hourly average emission rate determined under maximum operating test conditions, then convert to lb/MMBtu. Use the following equation to calculate the annual emissions.

	



	

Where:

	127.14 MMBtu/hr = the annual average firing rate for each combustion turbine upon which the emissions in Table 1 were based.



2. For the Thermal Oxidizer, calculate the CO2 hourly average emission rate determined under maximum operating test conditions, then convert to lb/scf of acid gas flow. Use the following equation to calculate the annual emissions.

	 



	

Where:

	149,275424,096 scf/hr = the waste gas plus pilot gas flow rate to the thermal oxidizers



3. If the above calculated CO2 emission totals does not exceed the tons per year (TPY) limits specified on Table 1, no compliance strategy needs to be developed.

4. If any of the above calculated CO2 emission totals exceeds the tons per year (TPY) limits specified in Table 1, the facility shall;

a.  Document the predicted exceedance in the test report; and

b. Explain within the report how the facility will assure compliance with the CO2 emission limits listed in Table 1.



B. Within 60 days after achieving the maximum production rate at which the affected facility will be operated, but not later than 180 days after initial startup of the facility, performance tests(s) must be conducted and a written report of the performance testing results furnished to the EPA. During subsequent operations if current Combustion Turbine firing rates exceed the rates during stack testing by 10 percent or greater, stack sampling shall be performed within 120 days. During subsequent operations, if current acid gas flow rate to the RTO exceeds the rates during stack testing by 10 percent or greater, additional sampling may be required by TCEQ or EPA.

C. Permittee shall submit a performance test protocol to EPA no later than 30 days prior to the test to allow review of the test plan and to arrange for an observer to be present at the test. The performance test shall be conducted in accordance with the submitted protocol, and any changes required by EPA. 

D. Performance testing must be conducted using flow rates that are comparable to the normal operating flow rates.

E. Fuel sampling of waste gases for emission unit RTO-3 shall be conducted in accordance with 40 CFR Part 98.

F. The Permittee shall perform initial performance demonstration testing of the regenerative thermal oxidizers (RTO) at the site. The RTO shall operate at the maximum production rate during stack emissions testing. The Permittee shall measure CH4 concentrations in the regenerative thermal oxidizer inlet and exhaust streams to demonstrate a minimum destruction efficiency of 99.09% by weight at a minimum combustion chamber temperature of 1,400 °F.

G. The Permittee shall record the combustion chamber temperature and combustion chamber set-point temperature during the performance test. These and any additional operational parameters shall be identified in the test protocol and recorded during testing. Following the performance test, the RTO shall be operated at or above the combustion chamber set-point temperature used to demonstrate compliance, and at all times greater than 1,400 °F.

H. For the RTO the sampling site and velocity traverse point shall be selected in accordance with EPA Test Method 1or 1A. The gas volumetric flow rate shall be measured in accordance with EPA Test Method 2, 2A, 2C, 2D, 2F, 2G, or 19. The dry molecular weight shall be determined in accordance with EPA Test Method 3, 3A or 3B. The stack gas moisture shall be determined in accordance with EPA Test Method 4. These methods must be performed, as applicable, during each test run.

I. Performance tests must be conducted under such conditions to ensure representative performance of the affected facility. The owner or operator Permittee must make available to the EPA such records as may be necessary to determine the conditions of the performance tests.  

J. The owner or operatorPermittee must provide the EPA at least 30 days’ prior notice of any performance test, except as specified under other subparts, to afford the EPA the opportunity to have an observer present and/or to attend a pre-test meeting. If there is a delay in the original test date, the facility must provide at least 7 days prior notice of the rescheduled date of the performance test.

K. 

L. 

M. 

N. 

O. 

P. 

Q. The owner or operatorPermittee shall provide, or cause to be provided, performance testing facilities as follows:



1. Sampling ports adequate for test methods applicable to this facility;

2. Safe sampling platform(s);

3. Safe access to sampling platform(s); and,

4. Utilities for sampling and testing equipment.



L. Emissions testing, as outlined above, shall be performed every three years, or more frequently if identified above, to verify continued performance at permitted emission limits.



VI. Agency Notifications



Permittee shall submit GHG permit applications, permit amendments, and other applicable permit information to: 



	Multimedia Planning and Permitting Division

	EPA Region 6

	1445 Ross Avenue (6 PD-R)

	Dallas, TX  75202

	Email:  Group R6AirPermits@EPA.gov



Permittee shall submit a copy of all compliance and enforcement correspondence as required by this Approval to Construct to:



	Compliance Assurance and Enforcement Division

EPA Region 6

1445 Ross Avenue (6EN)

Dallas, TX  75202
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Greenhouse Gas Prevention of Significant Deterioration Preconstruction Draft Permit

for the Corpus Christi Liquefaction LLC, Corpus Christi Liquefaction Terminal



Permit Number:  PSD-TX-1306-GHG



November 2013



This document serves as the Statement of Basis (SOB) for the above-referenced draft permit, as required by 40 CFR 124.7. This document sets forth the legal and factual basis for the draft permit conditions and provides references to the statutory or regulatory provisions, including provisions under 40 CFR 52.21, that would apply if the permit is finalized. This document is intended for use by all parties interested in the permit.  



I. Executive Summary



On September 4, 2012, Corpus Christi Liquefaction, LLC (CCL), Corpus Christi Liquefaction (CCL) Project submitted to the Environmental Protection Agency’s (EPA) Region 6 office (Region 6) a Prevention of Significant Deterioration (PSD) permit application for Greenhouse Gas (GHG) emissions for the Corpus Christi Liquefaction Project (CCL Project). In connection with the same proposed project, CCL submitted a PSD permit application for non-GHG pollutants to the Texas Commission on Environmental Quality (TCEQ) on September 4, 2012. The CCL Project proposes to construct and operate a natural gas liquefaction and export plant, and liquefied natural gas import facilities with regasification capabilities (collectively referred to as the “LNG Terminal”) to be located in San Patricio and Nueces Counties, Texas. The LNG Terminal will consist of three trains. After reviewing the application, Region 6 has prepared the following SOB and draft air GHG PSD permit to authorize construction of air emission sources at the Corpus Christi Liquefaction Project.  



This SOB documents the information and analysis EPA used to support the decisions EPA made in drafting the air permit. It includes a description of the proposed facility, the air permit requirements based on BACT analyses conducted on the proposed new unitsemissions sources, and the compliance terms of the permit.



Region 6 concludes that Corpus Christi Liquefaction’s application is complete and provides the necessary information to demonstrate that the proposed project meets the applicable air permit regulations. EPA's conclusions rely upon information provided in the permit application, supplemental information EPA requested and provided by CCL, and EPA's own technical analysis. EPA is making all this information available as part of the public record.







II. Applicant



Corpus Christi Liquefaction, LLC

700 Milam Street, Suite 800

Houston, TX 77002



Physical Address:

Off of SH 361 approximately 3 miles southeast of Gregory2 La Quinta Road	Comment by Aimee Wilson: Asking company for an actual address

Gregory, TX  7853978359



Technical Contact:  

Andrew Chartrand

Director, Environmental & Regulatory Projects

Cheniere Energy, Inc.

(713) 375-5429



III.  Permitting Authority



On May 3, 2011, EPA published a federal implementation plan (FIP) that made EPA Region 6 the PSD permitting authority for the pollutant GHGs. See 75 FR 25178 (promulgating 40 CFR § 52.2305).    



The GHG PSD Permitting Authority for the State of Texas is:



EPA, Region 6

1445 Ross Avenue

Dallas, TX  75202



The EPA, Region 6 Permit Writer is:

Aimee Wilson

Air Permitting Section (6PD-R)

(214) 665-7596





IV. 
Facility Location



The Corpus Christi Liquefaction, LNG Terminal is located in San Patricio and Nueces Counties, Texas, and this area is currently designated “attainment” for all criteria pollutants. The nearest Class 1 area is the Big Bend National Park, which is located well over 100 miles from the site. The geographic coordinates for the facility are as follows:



Pretreatment Liquefaction Facility					

Latitude:  	27º 52’ 59.7” North			

Longitude:  	-97º 16’ 9” West			



Below, Figure 1 illustrates the facility location for this draft permit.  



Figure 1. Corpus Christi Liquefaction, LNG Terminal Location[image: http://www.bing.com/local/GetMap.ashx?ppl=55,,29.864707,-94.913824&b=h,mkt.en-us,stl.h&rf=o&rp=n&z=14&c=29.864724,-94.913824&w=658&h=600]	Comment by achartrand: Provide an updated figure that shows the site boundary. 



[image: ]





V. Applicability of Prevention of Significant Deterioration (PSD) Regulations



EPA concludes that Corpus Christi Liquefaction’s application is subject to PSD review for GHGs, because the project will constitute a new stationary source that will emit or have the potential to emit (PTE) 100,000 tpy CO2e, as described at 40 CFR § 52.21(b)(49)(v)(a) and greater than 100/250 tpy on a mass basis (CCL calculates CO2e emissions of 3,238,126 tpy).  As noted above in Section III, Region 6 implements a GHG PSD FIP for Texas under the provisions of 40 CFR 52.21 (except paragraph (a)(1)). See, 40 CFR § 52.2305.



CCL represents that TCEQ, the permitting authority for regulated NSR pollutants other than GHGs, will determine that CCL is also subject to PSD review for CO, VOC, PM10, PM2.5, and NO2. Accordingly, under the circumstances of this project, the TCEQ will issue the non-GHG portion of the permit and the EPA will issue the GHG portion.[footnoteRef:1]    [1:  See EPA, Question and Answer Document:  Issuing Permits for Sources with Dual PSD Permitting Authorities, April 19, 2011, http://www.epa.gov/nsr/ghgdocs/ghgissuedualpermitting.pdf  ] 




In evaluating this permit application, Region 6 applies the policies and practices reflected in EPA’s PSD and Title V Permitting Guidance for Greenhouse Gases (March 2011). Consistent with that guidance, we have not required the applicant to model or conduct ambient monitoring for GHGs, nor have we required any assessment of impacts of GHGs in the context of the additional impacts analysis or Class I area provisions of 40 CFR 52.21(o) and (p), respectively. Instead, EPA has determined that compliance with the selected BACT is the best technique that can be employed at present to satisfy the additional impacts analysis and Class I area requirements of the rules related to GHGs. We note again, however, that the project has regulated NSR pollutants that are non-GHG pollutants, which will be addressed by the PSD and NNSR permit to be issued by TCEQ.        



VI. Project Description



Corpus Christi Liquefaction (CCL) is proposing to construct and operate a natural gas liquifaction and export plant, and liquefied natural gas (LNG) import facilities with regasification capabilities (collectively referred to as the “CCL Project” or the “LNG Terminal”). The LNG Terminal will be capable of processing an annual average of approximately 2.1 billion standard cubic feet per day (BSCFD) of pipeline quality natural gas in the liquefaction mode and 400 million standard cubic feet per day (MMscf/d)0.4 BSCFD in the vaporization mode. LNG will be imported or exported via LNG carriers that will arrive at the Project’s marine terminal. The facility will have the capability to liquefy natural gas from the pipeline system for export as LNG or import LNG and re-gasify to send it out into the pipeline system.



The LNG terminal will operate three process trains with each using six boiloff gas-fired refrigeration aeroderivative compressor turbines,. There will be two methane, two ethanepropane, and two ethylene refrigeration compressor turbines per train. Each of the three trains in the liquefaction process is equipped with an Acid Gas Removal Unit (AGRU). After sulfur removal, the acid gas is controlled by a thermal oxidizer and each train will be equipped with a thermal oxidizer. The LNG Terminal will also have four standby generators, three firewater pumps, one marine flare, and two wet/dry gas flares. Each liquefaction train will also include the following equipment:



· Facilities which remove carbon dioxide (CO2), hydrogen sulfide (H2S), and other sulfur compounds from the feed gas;

· Facilities to remove water and mercury from the feed gas; 

· Facilities to remove heavy hydrocarbons (such as benzene, toluene, ethylbenzene, and xylene (BTEX)) from the feed gas to avoid freezing in the liquefaction unit;

· Six gas turbine -driven refrigerant compressors, each with water injection for emission control, and inlet air humidification systems;, that drive 14 refrigerant compressors;

· Waste heat recovery systems units for regenerating the gas driers and amine system;

· Induced draft air coolers;

· Miscellaneous storage vessels and tanks;

· Associated fire and gas safety systems;

· Associated control systems and electrical infrastructure;

· Utility connections and distribution systems;

· Soil improvements and paving; and

· Piping, pipe racks, foundation and structures within the LNG train battery limits.



The LNG Terminal will also be equipped with three full containment storage tanks. The tanks will be designed to store a nominal volume of 160,000 m3 (1,006,400 barrels) of LNG at a temperature of -270 oF and a maximum internal pressure of 3.5 pounds per square inch gauge (psig). 



VII. General Format of the BACT Analysis



EPA conducted the BACT analyses for this draft permit by following the “top-down” BACT approach recommended in EPA’s PSD and Title V Permitting Guidance for Greenhouse Gases (March 2011) and earlier EPA guidance. The five steps in top-down BACT process are listed below.



(1) Identify all available control options;

(2) Eliminate technically infeasible control options;

(3) Rank remaining control options;

(4) Evaluate the most effective controls (taking into account the energy, environmental, and economic impacts) and document the results; and

(5) Select BACT.



VIII. Applicable Emission Units 



The majority of the GHG emissions caused by the project is are from combustion sources (i.e., combustion turbines, thermal oxidizers, flares, emergency generators and firewater pump engines). The site has some fugitive emissions from piping components which contribute a  relatively small amount of GHGs. Fugitive emissions account for 9,09310,825 TPY tpy of CO2e, or less than 0.01% of the project’s total CO2e emissions. Stationary combustion sources primarily emit CO2, and small amounts of N2O and CH4. The following devices are subject to this GHG PSD permit:



· Combustion Turbines (EPNs: TRB1, TRB2, TRB3, TRB4, TRB5, TRB6, TRB7, TRB8, TRB9, TRB10, TRB11, TRB12, TRB13, TRB14, TRB15, TRB16, TRB17, and TRB18)

· Thermal Oxidizers (EPNs: TO-1, TO-2, and TO-3)

· Flares (EPNs: WTDYFLR1, WTDYFLR2, and MRNFLR)

· Emergency Generators (EPNs: GEN1, GEN2, GEN3, and GEN4) and Firewater Pumps (EPNs: FWPUMP1, FWPUMP2, and FWPUMP3)

· Fugitives (EPN: FUG)



IX. Combustion Turbines (EPNs: TRB1, TRB2, TRB3, TRB4, TRB5, TRB6, TRB7, TRB8, TRB9, TRB10, TRB11, TRB12, TRB13, TRB14, TRB15, TRB16, TRB17, and TRB18) 



Each process train at the LNG Terminal will have 6 combustion turbines (CT) installed for a total of 18 CTs. Twelve of the proposed combustion turbines (TRB1, TRB2, TRB5, TRB6, TRB7, TRB8, TRB11, TRB12, TRB13, TRB14, TRB17, and TRB18) will be simple cycle; six of the turbines (TRB3, TRB4, TRB9, TRB10, TRB15, and TRB16) will be equipped with a Waste Heat Recovery Unit (WHRU) but still be operated as simple cycle turbines. All of the combustion turbines will fire boil-off gas (BOG) and pipeline quality natural gas. They will be equipped with dry low-NOx burners (DLNB)Water injection will be used for NOx control. 	Comment by Cheryl Vetter: I understand that these are not combined cycle turbines like those used for electricity generation, but is there a use for the waste heat from the other turbines, that could improve the efficiency of the operation?



Step 1 – Identification of Potential Control Technologies for GHGs	Comment by Cheryl Vetter: Is an air intake chiller appropriate for this type of turbine?  It was included as BACT for Freeport.



· Alternate Design – Electric Compressors – Use of electric-driven compressors would not produce GHG emissions.

· Carbon Capture and Storage (CCS) – CCS is an available add-on control technology that may be applicable to the combustion turbines in the proposed project.	Comment by achartrand: Provide the percentage of the waste stream that is CO2.

· Low Carbon Fuel – Fuels vary in the amount of carbon per Btu, which in turn affects the quantity of CO2 emissions generated per unit of heat input.

· Design Energy Efficiency – Measures that may be included in the design of the turbines to increase combustion efficiency.

· Operational Energy Efficiency – Good combustion, operating, and maintenance practices are a potential control option for improving the fuel efficiency of the combustion turbine.

· Post-Combustion Catalytic Oxidation – Provides rapid conversion of a hydrocarbon into CO2 and water in the presence of available oxygen. 

· N2O Catalyst – Decompose N2O into nitrogen and oxygen. 



Step 2 – Elimination of Technically Infeasible Alternatives



Among the options identified in Step 1, the following are considered technically infeasible for the proposed combustion turbines: carbon capture and storage, alternate design (use of electric-driven compressors), post-combustion catalytic oxidation, and N2O catalysts. 	Comment by Cheryl Vetter: I don’t agree with this – Freeport is using electric drive motors.  Granted they haven’t  built it yet, but  it is what they selected as BACT.  It should at least be carried through the analysis here.



Carbon Capture and Storage (CCS) 



Carbon capture and storage is a GHG control process that can be used by “facilities emitting CO2 in large concentrations, including fossil fuel-fired power plants, and for industrial facilities with high-purity CO2 streams (e.g., hydrogen production, ammonia production, natural gas processing, ethanol production, ethylene oxide production, cement production, and iron and steel manufacturing).”  The CCL turbines will emit a low-purity CO2 stream (purity estimated to be approximately 3.5%) and is therefore not ideally suited for CCS.



The three main capture technologies for CCS are pre-combustion capture, post-combustion capture, and oxyfuel combustion (IPCC, 2005). Of these approaches, pre-combustion capture is applicable primarily to gasification plants, where solid fuel such as coal is converted into gaseous components by applying heat under pressure in the presence of steam and oxygen (U.S. Department of Energy, 2011). At this time, oxyfuel combustion has not yet reached a commercial stage of deployment for gas turbine applications and still requires the development of oxy-fuel combustors and other components with higher temperature tolerances (IPCC, 2005). The third approach, post-combustion capture, is applicable to gas turbines. 



Based on the analysis provided below, EPA considers carbon capture and storage using post-combustion capture to be technically infeasible for the combustion turbines in this project. With respect to post-combustion capture, a number of methods may potentially be used for separating the CO2 from the exhaust gas stream, including adsorption, physical absorption, chemical absorption, cryogenic separation, and membrane separation (Wang et al., 2011).  Many of these methods are either still in development or are not suitable for treating power plant flue gas due to the characteristics of the exhaust stream (Wang, 2011; IPCC, 2005). Of the potentially applicable technologies, post-combustion capture with an amine solvent such as monoethanolamine (MEA) is currently the preferred option because it is the most mature and well-documented technology (Kvamsdal et al., 2011), and because it offers high capture efficiency, high selectivity, and the lowest energy use compared to the other existing processes (IPCC, 2005). Post-combustion capture using MEA is also the only process known to have been previously demonstrated in practice on gas turbines (Reddy, Scherffius, Freguia, & Roberts, 2003). Accordingly, post-combustion capture using MEA is evaluated in this BACT analysis.  



In a typical MEA absorption process, the flue gas is cooled before it is contacted counter-currently with the lean solvent in a reactor vessel. The scrubbed flue gas is cleaned of solvent and vented to the atmosphere while the rich solvent is sent to a separate stripper where it is regenerated at elevated temperatures and then returned to the absorber for re-use. Fluor’s Econamine FG Plus process operates in this manner, and it uses an MEA-based solvent that has been specially designed to recover CO2 from oxygen-containing streams with low CO2 concentrations typical of gas turbine exhaust (Fluor, 2009). This process has been used successfully to capture 365 tons per day of CO2 from the exhaust of a natural gas combined-cycle plant owned by Florida Power and Light in Bellingham, Massachusetts. The CO2 capture plant was maintained in continuous operation from 1991 to 2005 (Reddy, Scherffius, Freguia, & Roberts, 2003). As this technology is commercially available and has been demonstrated in practice on a combined-cycle plant, EPA generally considers it to be technically feasible for natural gas combined cycle turbines. Cheniere CCL will be utilizing simple cycle turbines.  It should also be noted that, while CCS may be available and demonstrated on combined cycle turbines, there have been no CCS demonstrations on simple cycle combustion turbines. 	Comment by Aimee Wilson: 4 have a waste heat recovery unit, but claim they are simple cycle since they do not heat water or generate steam.	Comment by Amy Branning: So if the waste heat recovery units can heat water or generate steam, then the turbines would be considered combined cycle turbines?  If so, then it is not clear that these are in fact simple cycle turbines.  I think an explanation (technical reason(s)) is needed as to why these waste heat recovery units cannot or should not heat water or generate steam. P. 10 says The gas turbines that CCL plans to use to provide refrigerant compression will provide 100% of the plant heating needs (hot oil and regeneration services) through waste heat recovery units installed on the gas turbine exhausts of the ethylene compressors	Comment by ABRANNIN: This sentence is not related logistical hurdles.  I gather later on there would be a more detailed discussion re. the project being simple cycle as opposed to combined cycle?  I suggest moving this statement to the more detailed discussion on this topic.



In 2003, Fluor and BP completed a joint study that examined the prospect of capturing CO2 from eleven simple cycle gas turbines at a BP gas processing plant in Alaska known as the Central Gas Facility (CGF) (Hurst & Walker, 2005; Simmonds et al., 2003). Although this project was not actually implemented (S. Reddy, personal communication, December 13, 2011; available in EPA’s administrative record for the PPEC), the feasibility study provides valuable information about the design of a capture system for simple-cycle applications, particularly with respect to flue gas cooling and heat recovery. Absorption of CO2 by MEA is a reversible exothermic reaction. Before entering the absorber, the turbine exhaust gas must be cooled to around 50 oC to improve absorption and minimize solvent loss due to evaporation (Wang, 2011). In the case of the CGF design, the flue gas is cooled by feeding it first to a HRSG for bulk removal of the heat energy and then to a direct contact cooler (DCC). It should be noted that while Hurst & Walker (2005) found that the HRSG could be omitted from the design for another type of source studied (heaters and boilers at a refinery), the DCC alone would be insufficient for the gas turbines due to the high exhaust gas temperature (480-500 oC). After the MEA is loaded with CO2 in the absorber, it is sent to a stripper where it is heated to reverse the reaction and liberate the CO2 for compression. The heat for this regeneration stage comes from high- and intermediate-pressure steam generated in the HRSG. Excess steam from the CGF HRSGs would also be used to export electricity to the local grid. 



The integral nature of the HRSG to the overall process for the CGF is notable because it would essentially require conversion of the turbines from simple-cycle to combined-cycle operation. Therefore, based on this information, we conclude that while carbon capture with an MEA absorption process is feasible for a combined-cycle operation, it is not feasible for simple-cycle units (i.e., those without a HRSG). Combined cycle turbines are not feasible for the Liquefaction Plant due to the fact that combined cycle operation implies the presence of waste heat recovery (WHRU) which is used to generate electricity or supply other heat related uses such as thermal regeneration of dehydration towers. The Liquefaction Plant has no need for the excess heat or power generated. In addition, combined cycle operations require stable operation to be cost effective. . Combined cycle operation takes time to bring on-line as the heat recovery loop must be heat saturated before any power can be derived. The potential transient loading of the turbines combined with considerable capital costs make combined cycle a non-viable alternative. Given that combined-cycle gas turbines are not technically feasible for the proposed Project, CCS is also technically infeasible for the proposed Project.	Comment by achartrand:  Can we further clarify why only 6 turbines have WHRU? How much excess heat will there be? 	Comment by Amy Branning: And is such conversion technically infeasible or otherwise inappropriate and, if so, why?  	Comment by ABRANNIN: Is it readily apparent why a HRSG cannot be installed?  If not, can a sentence or 2 be added to explain?  Does this amount to redefining the source – fundamentally changing the purpose and objective of the facility?   If it is, then the Guidance addresses refining source in Step 1 (not including it as an available technology and explains why it amounts to redefining the source).	Comment by Amy Branning: 6 CTs have WHRU.  	Comment by Amy Branning: You mean no need other than for the CCS to work?  There is nothing else at the facility that can use the generated heat/power?  If I understand correctly, this does not sound like a technical infeasibility scenario.  Maybe it is more of an energy impact issue b/c energy will be created and unused/wasted?  	Comment by Cheryl Vetter: They must have some use for it, as 6 of the units  are equipped with heat recovery units?	Comment by Amy Branning: Cost effectiveness is not a technical issue and is therefore not appropriate for eliminating a control technology under Step 2.    	Comment by Cheryl Vetter: Are these liquefaction trains operated intermittently?  If they are not, then this argument doesn’t make sense.	Comment by ABRANNIN: How does the longer period of time to come on line impede or otherwise affect the operation of the project? 	Comment by ABRANNIN: Is it readily apparent why potential transient loading of the turbines makes combined cycle a non-viable alternative?  If not, can 1 more 2 sentences be added to explain this?	Comment by ABRANNIN: Step 2 does not consider cost.  



Once CO2 is captured from the flue gas, the captured CO2 is compressed to 100 atmospheres (atm) or higher for ease of transport (usually by pipeline). The CO2 would then be transported to an appropriate location for underground injection into a suitable geological storage reservoir, such as a deep saline aquifer or depleted coal seam, or used in crude oil production for enhanced oil recovery (EOR). There is a large body of ongoing research and field studies focused on developing a better understanding of the science and technologies for CO2 storage.[footnoteRef:2] The nearest commercially available CO2 pipeline is the Denbury Resources Green Pipeline approximately 160 miles from the Liquefaction Plant. 	Comment by ABRANNIN: Please clarify whether we consider this to be a logistical hurdle and how so. [2:  U.S. Department of Energy, Office of Fossil Energy, National Energy Technology Laboratory Carbon Sequestration Program: Technology Program Plan, <http://www.netl.doe.gov/technologies/carbon_seq/refshelf/2011_Sequestration_Program_Plan.pdf>, February 2011] 




Based on the technical barriers to capture CO2 and the transportation challenges, as discussed above EPA has determined that CCS is technically infeasible as a control technology for this simple cycle project. 	Comment by Cheryl Vetter: Not sure that the Pio Pico argument really applies here.  Pio Pico was able to reject CCS because of the intermittent operation, right?  Will these be intermittent?



Alternate Design – Use of Electric-Driven Compressors	Comment by Cheryl Vetter: Is there some other reason (such as needing to meet LAER?) that freeport chose to use these?  If so, then I would make those arguments further down.  I think it is going to be very difficult to make the claim that they are technically infeasible here, when we determined they were BACT elsewhere.  



A technology is considered to be “technically feasible” if it is “demonstrated,” meaning that it has been installed and operated successfully on the type of source under review.[footnoteRef:3]  If a technology is not demonstrated, then it will be deemed technically feasible only if it is commercially available and “applicable” to the equipment under consideration.[footnoteRef:4]  While applicability is generally presumed where a commercially available control option has been or is soon to be employed on a similar source type, [footnoteRef:5] EPA’s GHG permitting guidance states that, where a technology has not been operated successfully on the type of source under review, questions regarding applicability will determine whether a technology can be eliminated as technically infeasible.[footnoteRef:6]   [3:  EPA, NSR Workshop Manual at B.17 (1990); In re Steel Dynamics, Inc., 9 E.A.D. 165, 199 (EAB 2000).]  [4:  In re Steel Dynamics, Inc., 9 E.A.D. at 199 (citing NSR Workshop Manual at B.17-18).]  [5:  In re Steel Dynamics, Inc., 9 E.A.D. at 199 (citing NSR Workshop Manual at B.18).]  [6:  EPA, PSD and Title V Permitting Guidance for Greenhouse Gases at 33 (2011). ] 




While EPA recently proposed to approve electric motor drives for Freeport LNG Liquefaction (Freeport, TX), electric-driven compression has not been sufficiently “demonstrated” to qualify as technically feasible for refrigerant compression.  The electricElectric motor drives have been considered for other projects, including,for the proposed Freeport LNG Liquefaction (Freeport, TX) and Kitimat LNG (British Columbia, Canada) projects, but have not yet been proven. One LNG liquefaction plant (Snohvit, Norway) uses a partial electric motor drive, but the plant has never achieved 100% of the nameplate capacityoperated unreliably.  The Snhovit LNG plant had to install five LM6000 gas turbine-driven compressors to generate the power needed to power the electric motors, and add connections to more than double (from 50 MW to 115 MW) the capacity for the plant to draw power from the grid.  The persistent technical difficulties and absence of a sufficient demonstration of electric compression technology support the determination that electric-driven compression is not technically feasible.	Comment by Cheryl Vetter: Actually, it was selected for Freeport.	Comment by Amy Branning: What is the consequence of not achieving 100% capacity?  Is this a fatal flaw?  



A determination that electric compression is not technically feasible is further supported by the fact that electric compression was not imposed on the Freeport LNG project as a result of BACT review.  No top-down analysis was performed that evaluated electric-driven compression, and nowhere in the December 2013 Statement of Basis for Permit No. PSD- TX-1302-GHG does EPA state that electric compression is required as BACT.  Due to the unproven nature of electric motors in LNG liquefaction service, this control technology is considered technically infeasible. 	Comment by ABRANNIN: According to p.36 of guidance, unproven alone does not show “technical infeasibility.”  We also need to consider whether it is available and applicable to the source type under review.  Does the fact that one facility cannot achieve 100% nameplate capacity makes this design inapplicable here?  



While this analysis in Step 2 of the top-down BACT review assumes that electric-driven compression is “available,” Cheniere CCL also claims that electric compression is not available becausethat the use of electric motors to drive the refrigerant compressors would “redefine the source.” since the use of gas turbines is part of the basic design of the proposed plant.  	Comment by achartrand: EPA would like to augment the “redefining the source” argument with additional rationale.



The use of gas turbines for refrigerant compression is part of the basic design of the source.  The gas turbines that CCL plans to use to provide refrigerant compression will provide 100% of the plant heating needs (hot oil and regeneration services) through waste heat recovery units installed on the gas turbine exhausts of the ethylene compressors (EPNs: TRB3, TRB4, TRB9, TRB10, TRB15, and TRB16). If electric motors were substituted for the gas turbines, new and additional direct-fired heaters would be required at the plant to supply the heating requirements. Gas fired in those direct-fired heaters would create significant additional emissions of GHGs and criteria pollutants. Furthermore, the use of electric motors would also require a variable frequency drive (VFD) system to control the motors, and this would require an additional building in each LNG train to house the VFD system. Based on our review of  the layout of the plant and available property in CCL’s application, there is not sufficient space to add these buildings and the other infrastructure that would be required to support the electric motors. 



While electric compression has been eliminated based on technical infeasibility due to unresolved technical difficulties and not being adequately demonstrated in practice, information submitted by CCL also supports a determination that the imposition of electric compression at the CCL Project would redefine the source.



Post-Combustion Catalytic Oxidation	Comment by Cheryl Vetter: Freeport LNG is using an oxidation catalyst?  I understand that it is  a different turbine design, and may have done so for VOC control, but why is it technically infeasible here?  



The turbine exhaust is expected to contain less than 1 ppmv of CH4. The exhaust gas CH4 concentration is about two orders of a degree magnitude below the lower end of VOC concentration in streams which would typically be fitted with catalytic oxidation for control. Addition of post-combustion catalytic oxidation on the turbines for control of CH4 is technically infeasible and will not be considered further in this analysis.



N2O Catalysts



N2O catalysts have been used to reduce N2O emissions from adipic acid and nitric acid plants. The very low N2O concentrations (<1ppm) present in the exhaust stream would make installation of N2O catalysts technically infeasible. In comparison, the application of a catalyst in the nitric industry sector has been effective due to high (1,000 to 2,000 ppm) N2O concentration in those exhaust streams. N2O catalysts are eliminated as a technically feasible option for the proposed project. 



Step 3 – Ranking of Remaining Technologies Based on Effectiveness 



· Low Carbon Fuel,

· Design Energy Efficiency, and

· Operational Energy Efficiency

Low Carbon Fuel



Use of a low-carbon intensity (mass of carbon per MMBtu) fuel selection is a control option that can be considered a lower emitting process. The turbines will be fired with boil-off gas that is approximately 94% methane and 5% nitrogen and pipeline quality natural gas. This isThese are the cleanest and lowest carbon fuel available for combustion in the turbines.



Design Energy Efficiency



Refrigerant compressors of the type proposed for the LNG terminal can be driven by steam turbines, electric motors, heavy duty gas fired turbines, or aeroderivative gas fired turbines (or combination of these). Electric motors were determined to be technically infeasible for this scale of project in Step 1. Steam turbines are eliminated since they are the least efficient of all possible choices. The selection of compressor drivers is limited to gas fired turbines. Two types were considered, heavy duty gas turbines and aeroderivative turbines. Aeroderivative gas turbines achieve significantly higher thermal efficiencies than industrial gas turbines. The higher efficiency of an aeroderivative can result in a 3% or greater increase in overall plant thermal efficiency.



Operational Energy Efficiency



CCL proposes to utilize the following operational efficiencies for the turbines to reduce CO2 emissions:



· Periodic tune-ups and maintenance for optimal thermal efficiency.

· Oxygen trim control to ensure optimum excess oxygen for efficient combustion.

· Good combustion practices. 



Low carbon fuel, design energy efficiency, and operational energy efficiency are all considered effective control methods and have a range of efficiency improvements which cannot be directly quantified; therefore, ranking is not possible.  In any case, since these control measures are not mutually exclusive, ranking of these measures is of limited significance. 	Comment by jrobins: Do we know the design energy efficiency measures they will use.  I would anticipate Sierra Club commenting on this and requesting that these be specified in the permit.

AW: Asking company for a thermal efficiency.



Step 4 – Evaluation of Control Technologies in Order of Most Effective to Least Effective, with Consideration of Economic, Energy, and Environmental Impacts



Low-Carbon Fuel



The proposed liquefaction project will produce a stream of methane and nitrogen called boil-off gas (BOG) that will need to be removed from the liquefaction process through venting, flaring, or use as fuel in a combustion source. BOG is a combination of gas or vapor that is evolved from the Liquefied Natural Gas (LNG) storage tanks and from LNG vessel loading operations. CCL has estimated that the lowest nitrogen content of the BOG will be about 5%, the balance being 95% methane. Natural gas consists of a high percentage of methane (generally above 85%) and varying amounts of ethane, propane, and inerts (typically nitrogen, carbon dioxide, and helium). These two fuels have very similar properties and composition. Only natural gas and BOG will be fired in the proposed combustion turbines; they have . Natural gas has the lowest carbon intensity of any available fuel for the combustion turbine. There are no negative economic, energy, or environmental impacts associated with this control technology.



Design Energy Efficiency



CCL will utilize a high efficiency GE LM2500+ G4 aeroderivative gas turbine which is a suitable design for the operational parameters of the project. The operational parameters include:	Comment by Amy Branning: Same comment as in Freeport: Can you add a sentence or two on what these operational parameters are?



1. Ambient conditions – air temperature directly impacts horsepower available and thus LNG production.

1. Market conditions – the terminal is bi-directional with the ability to import or export LNG depending upon market requirements – LNG trains are shutdown when there is no export market.

1. Maintenance requirements – Gas Turbines require frequent inspection and maintenance overhaul.

1. Inlet Gas pressure – directly impacts LNG production.

1. Inlet Gas composition – impacts loading on CO2 Removal Unit and Heavies Removal Unit.



Each of the ethylene refrigeration turbines (TRB3, TRB4, TRB9, TRB10, TRB15, and TRB16) will be equipped with a waste heat recovery unit (WHRU). Each WHRU will be used to transfer heat to regenerate the amine solution, regenerate the molecular sieves, and provide heat to the reboiler for the Heavies Removal Unit (HRU). By using WHRUs, additional gas-fired heaters are not required in the process to generate process heat. The WHRUs will provide all of the heating required for all 3 LNG trains. The WHRUs enhance efficiency of the trains by reducing overall energy requirements and eliminating emissions by not utilizing gas-fired heaters in the process. There are no negative economic, energy, or environmental impacts associated with this control technology.



Operational Energy Efficiency



Good combustion, operating, and maintenance practices are a control option for improving the fuel efficiency of the combustion turbines. Natural gas-fired combustion turbines typically operate in a lean pre-mix mode to ensure effective staging of air/fuel ratios in the turbine; thus, maximizing fuel efficiency and minimizing incomplete combustion. Furthermore, the turbine’s operation is automated to ensure optimal fuel combustion and efficient operation leaving virtually no operator ability to further tune these aspects of operation. Good practices also include proper maintenance and tune-up of the combustion turbine systems at least twice annually per the manufacturer’s specifications.



Modern combustion turbines have sophisticated instrumentation and controls to automatically control the operation of the combustion turbine. The control system is a digital type and is supplied with the combustion turbine. The control system monitors the operation of the unit and modulates the fuel flow and turbine operation to achieve optimal high-efficiency, low-emissions performance. There are no negative economic, energy, or environmental impacts associated with this control technology.

 Step 5 – Selection of BACT



To date, other similar facilities with turbines and a GHG BACT limit are summarized in the table below:



		Company / Location

		Process Description

		Control Device

		BACT Emission Limit / Requirements

		Year Issued

		Reference



		Cheyenne Light, Fuel & Power / Black Hills Power, Inc.



Laramie County, WY

		Simple cycle combustion turbine 

		Energy Efficiency/ Good Design & Combustion Practices

		GHG BACT limit of 1,600 lbs CO2e/MWhr (gross) 



365-day average, rolling daily 

		2012

		PSD-WY-000001-2011.001



		York Plant Holding, LLC



Springettsbury Township, PA



		Simple cycle combustion turbine 

		

Energy Efficiency/ Good Design & Combustion Practices

		Combustion turbine annual net heat rate limited to 11,389 Btu/kWh (HHV) when firing natural gas



GHG BACT limit of 1,330 lb CO2e/MWhr (net) 



30-day rolling average 

		2012

		67-05009C*



		Pio Pico Energy Center, LLC



Otay Mesa, CA

		300 MW simple cycle power plant

		Energy Efficiency/ Good Design & Combustion Practices

		GHG BACT limit of 1,328 lb CO2e/MWhr (gross) 



720 rolling operating-hour average

		2012

		SD 11-01



		Copano Processing, L.P., Houston Central Gas Plant

		Compressor Turbine with Waste Heat Recovery

		Energy Efficiency/ Good Design & Combustion Practices

		GHG BACT is to maintain a minimum thermal efficiency of 40% with WHRU on a 12-month rolling average basis. 



This equates to 0.84 lb of CO2e/hp-hr.

		2013*

		PSD-TX-104949-GHG



		EFS Sandy Hills LLC



EPA Region 4



		Simple cycle combustion turbine 

		Energy Efficiency/ Good Design & Combustion Practices

		GHG BACT limit of 1,377 lb CO2e/MWhr (gross) when firing natural gas

		*

		



		LADWP Scattergood





		Simple cycle combustion turbine 

		Energy Efficiency/ Good Design & Combustion Practices

		GHG BACT limit of 1,271 lb CO2e/MWhr (net)



12-month rolling average

		*2013

		



		Puget Sound Energy, Freedonia Generating Station



Bellevue, WA

		Simple cycle combustion turbine 

		Energy Efficiency/ Good Design & Combustion Practices

		GHG BACT limit of 1,299 lb CO2e/MWhr (net) for GE 7FA.05



GHG BACT limit of 1,310 lb CO2e/MWhr (net) for GE 7FA.04



GHG BACT limit of 1,278 lb CO2e/MWhr (net) for SGT6-5000F4



GHG BACT limit of 1,138 lb CO2e/MWhr (net) for GE LMS100

		*2013

		PSD-11-05



		El Paso Electric Company, Montana Power Station



El Paso, TX

		Simple cycle combustion turbine 

		Energy Efficiency/ Good Design & Combustion Practices

		GHG BACT limit of 1,194 lb CO2/MWh(gross) output on a 5,000 operational hour rolling basis.

		*

		PSD-TX-1290-GHG



		Freeport LNG Development, Freeport LNG



Freeport, TX



		Simple cycle combustion turbine 

		Energy Efficiency/ Good Design & Combustion Practices

		GHG BACT limit of 738 lb CO2e/MWhr (net)



365-day rolling average

		*

		PSD-TX-1302-GHG





*Not yet issued.



The CCL turbines selected are aeroderivative, similar to some of the turbines listed above, but unlike most of those turbines listed; CCL will be using the turbines for compression and not for the generation of electricity. The only facility listed above that will utilize turbines for compression purposes is Copano Processing, Houston Central Gas Plant. CCL has proposed an output based limit of 116 lb CO2/MMBtu (0.058 ton CO2/MMBtu491 lb CO2e/MMscf of outlet LNG, on a 12-month rolling average). This value is consistent with the limits established in the table above for simple cycle turbines. 



The following specific BACT best practices are proposed for the Combustion Turbine:



· Low Carbon Fuel – Use of BOG or natural gas as fuel but natural gas only during startup; 

· Design Energy Efficiency –  Installation of an efficient CT, with waste heat recovery on the ethylene units, suitable for the operational parameters of the project; and

· Operational Energy Efficiency –  Implementation of good combustion, operating, and maintenance practices.



BACT Compliance:



BACT for each of the combustion turbines is 116 491 lb CO2/MMBtu.scf outlet LNG.  Compliance will be based on a 12-month rolling average. As explained below, this corresponds to an emission limit of 146,747 752 tpy CO2e per turbine on a 12-month rolling basis.  CCL will maintain records of tune-ups, burner tip maintenance, O2 analyzer calibrations and maintenance for the turbines. 



CCL will monitor and archive periodic data points for operational data gathered from installed instrumentation on the turbines. Data points collected and archived will include the following:



· Inlet air flow, temperature, pressure, and humidity;

· CT Fuel input - volumetric measurement of fuel flow converted into mass (lb/hr) and energy flow (MMBtu/hr);

· Combustion temperature;

· Exhaust temperature;

· Gross hourly energyannual LNG output (MwhMMscf);

· CT plant thermal efficiency, %; and	Comment by Cheryl Vetter: Is there a thermal efficiency limit?

· Gas turbine electrical output, MW;.

· Chilled water supply and return temperatures; and

· Energy input to the chillers.



CCL will demonstrate compliance with the CO2 limit for each turbine based on metered fuel consumption and using fuel composition and mass balance. The equation for estimating CO2 emissions as specified in 40 CFR 98.33(a)(3)(iii) is as follows:





Where:

	CO2 = Annual CO2 mass emissions from combustion of natural gas (short tons)

Fuel = Annual volume of the gaseous fuel combusted (scf). The volume of fuel combusted must be measured directly, using fuel flow meters calibrated according to §98.3(i).

CC = Annual average carbon content of the gaseous fuel (kg C per kg of fuel). The annual average carbon content shall be determined using the same procedures as specified for HHV at §98.33(a)(2)(ii).

MW = Annual average molecular weight of the gaseous fuel (kg/kg-mole). The annual average molecular weight shall be determined using the same procedure as specified for HHV at §98.33(a)(2)(ii). 

MVC = Molar volume conversion factor at standard conditions, as defined in §98.6. 

44/12 = Ratio of molecular weights, CO2 to carbon.

0.001 = Conversion of kg to metric tons.

1.102311 = Conversion of metric tons to short tons.



As an alternative, CCL may install, calibrate, and operate a CO2 Continuous Emission Monitoring System (CEMS) and volumetric stack gas flow monitoring system with an automated data acquisition and handling system for measuring and recording CO2 emissions.

  

The emission limits associated with CH4 and N2O are calculated based on emission factors provided in 40 CFR Part 98, Table C-2 and the actual heat input (HHV). To calculate the CO2e emissions, the draft permit requires calculation of the emissions based on the procedures and Global Warming Potentials (GWP) contained in the Greenhouse Gas Regulations at 40 CFR Part 98, Subpart A, Table A-1. Records of the calculations would be required to be kept to demonstrate compliance with the emission limits on a 12-month rolling basis.



An initial stack test demonstration will be required for CO2 emissions from each emission unit. An initial stack test demonstration for CH4 and N2O emissions are not required because the CH4 and N2O emissions are less than 0.01% of the total CO2e emissions from the CT and are considered a de minimis level in comparison to the CO2 emissions, making initial stack testing for CH4 and N2O emissions impractical and unnecessary.



X. Thermal Oxidizers (EPNs: TO-1, TO-2, and TO-3) 



Each of the three trains in the liquefaction process is equipped with an Acid Gas Removal Unit (AGRU). This equipment is designed to remove sulfur from the acid gas in the form of liquid sulfur, which is sent off-site for treatment and/or disposal. After sulfur removal the acid gas is sent to a thermal oxidizer (TO) for control. GHG emissions from the thermal oxidizers result from the combustion of the acid gas from the AGRU. The TO will be designed for a methane destruction and removal efficiency of 99.9%. 



Step 1 – Identification of Potential Control Technologies



· Carbon Capture and Storage (CCS) – CCS is an available add-on control technology that may be applicable to the thermal oxidizers in the proposed project.

· Design Measures – Measures that may be included in the design to increase thermal efficiency.

· Good Combustion and Maintenance Practices – Periodic maintenance will help maintain the efficiency of the thermal oxidizer. Temperature monitoring will ensure proper thermal oxidizer operation. 



Carbon Capture and Storage



This add-on control technology was already eliminated as BACT as discussed in detail in section IX and therefore it will not be discussed further. 



Step 2 – Elimination of Technically Infeasible Alternatives



All other options identified in Step 1 are considered technically feasible. 



Step 3 – Ranking of Remaining Technologies Based on Effectiveness 



Design measures and good combustion and maintenance practices are both  considered effective control methods and have a range of efficiency improvements, which cannot be directly quantified. Therefore, ranking of these measures is not possible. However, since these control measures are not mutually exclusive, ranking of these measures is of limited significance.



Step 4 – Evaluation of Control Technologies in Order of Most Effective to Least Effective, with Consideration of Economic, Energy, and Environmental Impacts



Design Measures



Good thermal oxidizer design can be employed to destroy any VOCs and CH4 entrained in the waste gas removed from the amine units. Good thermal oxidizer design includes flow measurement and monitoring/control of waste gas heating values. There are no negative economic, energy, or environmental impacts associated with this control technology.



Good Combustion and Maintenance Practices



Good combustion practices include, proper maintenance and tune-up of the thermal oxidizers at least annually per the manufacturer’s specifications. There are no negative economic, energy, or environmental impacts associated with this control technology.



Step 5 – Selection of BACT



The following specific BACT practices are proposed for the thermal oxidizers:



· Design Measures	 

· Good Combustion and Maintenance Practices



CCL will operate and maintain the thermal oxidizers in accordance with vendor recommended operating procedures and operating and maintenance manuals. To maintain optimal performance, CCL will also:



· Calibrate and perform preventative maintenance checks of the fuel gas flow meters on an annual basis;

· Perform a monthly calibration and check the filters on the oxygen analyzers;

· Perform preventative maintenance checks of oxygen control analyzers on a quarterly basis; and

· Perform tune-up of the oxidizers at least once per year.



Good combustion practices proposed for the thermal oxidizer include, but are not limited to the following:



· Maintaining good air/fuel mixing in the combustion zone;

· Allowing sufficient residence time to achieve a minimum destruction efficiency of 99.9%;

· Maintaining proper fuel gas supply system design and operation in order to minimize fluctuations in fuel gas quality;

· Ensuring good burner maintenance and operation;

· Monitoring of and maintaining proper operating temperature in the primary combustion zone. The unit combustion chamber temperature set point will be at or above 1,400 oF when receiving waste gases; and

· Maintaining overall excess oxygen levels high enough to complete combustion while maximizing thermal efficiency.



BACT for the thermal oxidizers will be design measures and good combustion and operating practices. The thermal oxidizer combustion and exhaust temperature, as well as exhaust oxygen content will be monitored to ensure proper operation of the thermal oxidizers. CCL’s use of the above practices will result in an emission limit of 196,456 tpy CO2e for each thermal oxidizer. CCL has proposed to maintain an output based limit of 57.8 ton CO2/MMscf burned in each thermal oxidizer. This value includes the volumes of the fuel gas and waste gas streams. Compliance monitoring for the thermal oxidizers will be provided by measurement of fuel gas and waste gas volumetric flow rates. Heat input in MMBtu/hr (based on gas quality analyses) will be used to calculate CO2, CH4, and N2O emissions. Compliance shall be determined by the monthly calculation of GHG emissions using equation W-3 consistent with 40 CFR Part 98, Subpart W [98.233(d)(2)].



XI. Flares (EPNs: WTDYFLR1, WTDYFLR2, and MRNFLR)



The CCL facility is equipped with one marine flare, and two wet/dry gas flares to control vented GHG and other emissions.  The wet/dry flares are approximately 500 feet tall.  The methane destruction efficiency of the flares is 99%.  Trains 1 and 2 may will vent to one wet/dry flare and trains 2 and 3 may will vent to a second separate wet/dry flare. The wet/dry flares will generally only have pilot emissions during normal operation. Maintenance and startup/shutdown (MSS) emissions will be routed to the wet/dry flares for control. The marine flare will be used to combust ship loading/unloading emissions and when a ship arrives inerted with CO2, the ship vapor will be purged to the marine flare for control. These streams contain VOCs that when combusted by the flare produce CO2 emissions. The flare’s’ pilots are fueled by BOG and pipeline quality natural gas.	Comment by Amy Branning: In other SOBs I see description of flare destruction efficiency.  Should that also be specified here for these flares?	Comment by ABRANNIN: Why “generally” if there are no emissions being routed there during normal operation? 



Step 1 – Identification of Potential Control Technologies for GHGs



· Carbon Capture and Sequestration– CCS is an available add-on control technology that may be  applicable to the flares in the proposed project.

· Flare Gas Recovery – A flare gas recovery system can be used to recover flared gas to the fuel gas system or recycled to process.

· Good Flare Design – Proper flare design can assure high reliability and destruction efficiencies.	Comment by ABRANNIN: GHG destruction efficiency?

· Use of Clean Fuel for Pilots – Use of lowest carbon fuel.



Step 2 – Elimination of Technically Infeasible Alternatives



All options identified in Step 1 are considered technically feasible, except CCS and flare gas recovery. 



With no ability to collect exhaust gas from a flare other than using an enclosure, post combustion capture is not a viable control option. Also, CCS has not been demonstrated as  technically feasible for intermittent sources such as the flares.	Comment by Amy Branning: Can we briefly describe why flares cannot be enclosed?  In oil and gas NSPS rulemaking, we received comment that seems to suggest some partial enclosure can or should be allowed.  We disagree but it may be worth explaining here why an enclosure cannot be used.



The flares are not process flares, but intermittent-use MSS flares. The emissions controlled by these emissions flares will be sporadic, only occurring during MSS and ship loading/unloading. Therefore, no continuous stream (other than pilot gas) is being combusted, and these emissions are extremely rare and generally of short duration.  Given these conditions and, flare gas recovery of high volumes and short durations is infeasible to implement.	Comment by Amy Branning: Is it readily apparent that flare gas recovery requires a continuous stream and, if not, can you add a sentence or 2 to explain why flare gas recovery is not feasible without continuous stream?  Since there is no description of how flare gas recovery works, it is hard to know why it is not feasible here (at least for lay persons).



Step 3 – Ranking of Remaining Technologies Based on Effectiveness 



Use of low carbon fuel and good flare design with appropriate instrumentation and control are the only remaining options. They provide effective control and have a range of efficiency improvements, which cannot be directly quanitified. Therefore, ranking of these measures is not possible.  However, since these control measures are not mutually exclusive, ranking of these measures is of limited significance.



Step 4 – Evaluation of Control Technologies in Order of Most Effective to Least Effective, with Consideration of Economic, Energy, and Environmental Impacts



Use of Clean Fuel for Pilots



Natural gas and BOG will be used in the pilots. There are no negative economic, energy, or environmental impacts associated with this control technology.



Good Flare Design



Good flare design can be employed to destroy large fractions of the flare gas. Much work has been done by flare and flare tip manufacturers to assure high reliability and destruction efficiencies. Good flare design includes pilot flame monitoring, flow measurement, and monitoring/control of waste gas heating value. There are no negative economic, energy, or environmental impacts associated with this control technology.



Step 5 – Selection of BACT



CCL proposes to use both identified control options to minimize GHG emissions from flaring of MSS and loading/unloading emissions from the proposed facilities. The following specific BACT practices are proposed for the flares:



· Use of Clean Fuel for Pilots – The flares will only combust pipeline quality natural gas and BOG in the pilots. This is the lowest carbon fuel available at the facility. 

· Good Flare Design – Flares will be designed to meet the requirements of 40 CFR 60.18. Flow rate and gas composition analyzers shall be used to continuously monitor the combined waste gas streams sent to the flares from the proposed and other existing facilities to determine the quantity of natural gas required to maintain a minimum heating value of 300Btu/scf. 



The above control options will result in an annual emission limit of 205 25,932 tpy CO2 for the marine flare, and 450 66,670 tpy CO2 for each of the wet/dry flares. Compliance monitoring for the flares will be provided by measurement of fuel gas and waste gas volumetric flow rates. Heat input in MMBtu/hr (based on gas quality analyses) will be used to calculate CO2, CH4, and N2O emissions in accordance with § 98.253. On a monthly basis, operator records will be used to verify the measured flow rates and calculations.



CCL will demonstrate compliance with the CO2 emission limit using the emission factors for natural gas from 40 CFR Part 98 Subpart C, Table C-1, and the site specific analysis for MSS and loading/unloading vapors. The equation for estimating CO2 emissions as specified in 40 CFR 98.253(b)(1)(ii)(A) is as follows:





Where:

CO2 = Annual CO2 emissions for a specific fuel type (short tons/year).

0.98 = Assumed combustion efficiency of the flare.

0.001 = Unit conversion factor (metric tons per kilogram, mt/kg).

n = Number of measurement periods. The minimum value for n is 52 (for weekly measurements); the maximum value for n is 366 (for daily measurements during a leap year).

p = Measurement period index.

44 = Molecular weight of CO2 (kg/kg-mole).

12 = Atomic weight of C (kg/kg-mole).

(Flare)p = Volume of flare gas combusted during the measurement period (standard cubic feet per period, scf/period). If a mass flow meter is used, measure flare gas flow rate in kg/period and replace the term “(MW)p/MVC” with “1”.

(MW)p = Average molecular weight of the flare gas combusted during measurement period (kg/kg-mole). If measurements are taken more frequently than daily, use the arithmetic average of measurement values within the day to calculate a daily average.

MVC = Molar volume conversion factor (849.5 scf/kg-mole).

(CC)p = Average carbon content of the flare gas combusted during measurement period (kg C per kg flare gas ). If measurements are taken more frequently than daily, use the arithmetic average of measurement values within the day to calculate a daily average.

1.102311 = Conversion of metric tons to short tons.



The emission limits associated with CH4 and N2O are calculated based on emission factors provided in 40 CFR Part 98 Subpart C, Table C-2, site specific analysis of process fuel gas, and the actual heat input (HHV).



XII. Emergency Generators (EPNs: GEN1, GEN2, GEN3, and GEN4) and Firewater Pump Generators (EPNs: FWPUMP1, FWPUMP2, and FWPUMP3)



The proposed Project will use a total of four emergency generators, each 2,200 hp, to serve as a reliable power source for lighting and other emergency equipment in the event of power failure. The engines will be diesel-fuel fuel-fired units and used only for emergency purposes, except for weekly periodic readiness and maintenance testing. In addition, three 422 hp firewater pump engines will be used for the proposed project, expressly for the facility firewater system. The firewater pumps will also use diesel fuel. Each emergency generator engine will be limited to no more than 27 hours of operation per year for the purpose of maintenance, testing, and inspection. The firewater pump engines will be limited to no more than 52 hours per year for routine testing, maintenance, and inspection purposes.



Step 1 – Identification of Potential Control Technologies for GHGs



· Selection of Fuel Efficient Engine;

· Fuel Selection; and

· Good Combustion, Operating, and Maintenance Practices



Step 2 – Elimination of Technically Infeasible Alternatives



All options identified in Step 1 are considered technically feasible except fuel selection. 

The only technically feasible fuel for the emergency generator engines and firewater pumps is diesel fuel. While natural gas-fueled generator engines and firewater pumps may provide lower GHG emissions per unit of power output, natural gas is not considered a technically feasible fuel for the emergency generator engines/firewater pumps since they will be used in the event of facility-wide power outage or in case of fire, when natural gas supplies may be interrupted.



Step 3 – Ranking of Remaining Technologies Based on Effectiveness



The selection of fuel efficient engines and good combustion , operating, and maintenance practices are potentially equally effective but have case-by-case effectiveness that cannot be quantified to allow ranking.  In any case, since these measures are not mutually exclusive, ranking of these measures is of limited significance.



Step 4 – Evaluation of Control Technologies in Order of Most Effective to Least Effective, with Consideration of Economic, Energy, and Environmental Impacts



Efficient Engine Design



CCL will install new emergency generators and firewater pumps; the equipment is designed to optimal combustion efficiency. The emergency generator engines will meet Tier 2 emission standards for non-road engines as specified at 40 CFR § 89.112(a), and the firewater pump engines will meet the Tier 3 requirements. There are no negative economic, energy, or environmental impacts associated with this control technology.



Good Combustion, Operating, and Maintenance Practices



Good combustion, operating and maintenance practices are a potential control option for maintaining the combustion efficiency of the emergency equipment. These practices also consider proper maintenance and tune-up of the emergency generators and firewater pumps at least annually per the manufacturer’s specifications. There are no negative economic, energy, or environmental impacts associated with this control technology.



Step 5 – Selection of BACT



CCL proposes to use both identified control options to minimize GHG emissions from emergency generators and firewater pumps from the proposed facilities. The following specific BACT practices are proposed for the emergency generators and firewater pumps:



· Selection of Fuel Efficient Engine - CCL will purchase emergency generators and firewater pump internal combustion engines (ICEs) certified by the manufacturer to meet the applicable emission standards (40 CFR Part 60 Subpart IIII), and will monitor diesel fuel usage on a monthly basis.

· Good Combustion, Operating, and Maintenance Practices - CCL will implement good combustion, operating, and maintenance practices for the emergency generators and firewater pumps. 



BACT Limits and Compliance



Using the practices identified above results in an emission limit of 35 tpy CO2e for each emergency generator engine and 13 tpy CO2e for each firewater pump engine for non-emergency operations. BACT for the emergency generator engines will be to limit their operation to no more than 27 hours per year for maintenance, testing, and inspection for each engine. The firewater pump engines will be limited to no more than 52 hours per year for routine testing, maintenance, and inspection for each engine. Compliance will be based on run-time hour meter readings on a 12-month rolling basis.



To calculate the CO2e emissions, the draft permit requires calculation of the emissions based on the procedures and Global Warming Potentials (GWP) contained in the Greenhouse Gas Regulations, 40 CFR Part 98, Subpart A, Table A-1 as published on October 30, 2009 (74 FR 56395). Records of the calculations will be required to be kept to demonstrate compliance with the emission limits on a 365-day average12-month, rolling dailyaverage. Additionally, CCL shall maintain records of fuel usage, hours of operation, and maintenance/tune-ups performed on the engines.



XIII. Process Fugitives (EPN: FUG)



Hydrocarbon emissions from leaking piping components (process fugitives) associated with the proposed project include methane, a GHG. CCL is utilizing leakless components (welded flanges) to the maximum extent possible in the facility. The additional methane emissions from process fugitives have been conservatively estimated to be 9,09310,825 tpy as CO2e. Fugitive emissions of methane are negligible, and account for less than 0.01% of the project’s total CO2e emissions.



Step 1 – Identification of Potential Control Technologies for GHGs



· Installing leakless technology components to eliminate fugitive emissions;

· Implementing various instrument leak detection and repair (LDAR) programs in accordance with applicable state and federal air regulations;

· Implementing a monitoring program using a remote sensing technology such as infrared camera monitoring;

· Implementing an audio/visual/olfactory (AVO) monitoring program for compounds; and

· Designing and constructing facilities with high quality components and materials of construction compatible with the process.



Step 2 – Elimination of Technically Infeasible Alternatives



All of the following are considered technically feasible. 



Leakless/Sealless Technology – Leakless technology valves may be incorporated in situations where highly toxic or otherwise hazardous materials are present. Likewise, some technologies, such as bellows valves, cannot be repaired without a unit shutdown. . 	Comment by Amy Branning: It is not clear from this write-up whether this technology is being eliminated as technically infeasible.  In the BACT analysis for the other emission sources, there is usually a statement upfront identifying the technology(ies) that are technically infeasible.  Can you do the same here?  Or can you clarify whether this one is considered technically feasible?



Instrument LDAR Programs – LDAR programs have traditionally been developed for control of VOC emissions. Instrumented monitoring is considered technically feasible for components in CH4 service. 



Remote Sensing – Remote sensing technologies have been proven effective in leak detection and repair. The use of sensitive infrared camera technology has become widely accepted as a cost effective means for identifying leaks of hydrocarbon.



AVO Monitoring – Leaking components can be identified through AVO methods. AVO programs are common and in place in industry and are considered technically feasible.



High quality components - A key element in control of fugitive emissions is the use of high quality equipment that is designed for the specific service in which it is employed. 



Step 3 – Ranking of Remaining Technologies Based on Effectiveness



Leakless technologies are highly effective in eliminating fugitive emissions from the specific interface where installed, however some leak interfaces may still remain even with leakless technology components in place. In addition, the sealing mechanism, such as a bellows, is not repairable online and may leak in the event of a failure until the next unit shutdown. Despite the above mentioned issues, this is the most effective among  the controls identified above.



Instrumented monitoring can identify leaking CH4, making identification of components requiring repair possible. This is the second most effective of the controls. 



Remote sensing using an infrared imaging has proven effective for identification of leaks. Instrument LDAR programs and the alternative work practice of remote sensing using an infrared camera have been determined by EPA to be equivalent methods of piping fugitive controls.[footnoteRef:7]  [7:  73 FR 78199-78219, December 22, 2008.] 




As-observed AVO methods are generally somewhat less effective than instrument LDAR and remote sensing, since they are not conducted at specific intervals. This method cannot generally identify leaks at as low a leak rate as instrumented reading can identify. This method, due to frequency of observation is effective for identification of larger leaks.



Use of high quality components is effective in preventing emissions of GHGs, relative to use of lower quality components.



Step 4 – Evaluation of Control Technologies in Order of Most Effective to Least Effective, with Consideration of Economic, Energy, and Environmental Impacts



Recognizing that leakless technologies have not been universally adopted as LAER or BACT, it is reasonable to state that these technologies are impracticable for control of GHG emissions. Any further consideration of available leakless technologies for GHG controls is unwarranted.



Instrumented monitoring implemented through the 28LAER[footnoteRef:8] LDAR program, with control effectiveness of 97%, is considered top BACT. Although AVO program is not as effective, it can be used to monitor for leaks in between instrumented checks, as in the Freeport LNG Liquefaction Project .   [8:  The boilerplate special conditions for the TCEQ 28LAER LDAR program can be found at http://www.tceq.state.tx.us/assets/public/permitting/air/Guidance/NewSourceReview/bpc_rev28laer.pdf] 




Step 5 – Selection of BACT



CCL will implement the TCEQ 28LAER LDAR program, TCEQ 28M[footnoteRef:9] LDAR program, and supplemented with an AVO program. The 28LAER LDAR program will be implemented on the fugitive streams that contain greater than 10% VOC. For fugitive streams in methane service, a modified form of the TCEQ 28M LDAR program will be implemented for fugitive emissions of methane. For the remaining streams, an AVO program will be implemented. CCL will utilize high quality components and materials of construction, including gasketing, that are compatible with the service in which they are employed. [9:  The boilerplate special conditions for the TCEQ 28M LDAR program can be found at http://www.tceq.texas.gov/assets/public/permitting/air/Guidance/NewSourceReview/bpc_rev28m.pdf] 




XIV.  Threatened and Endangered Species



Not sure what if anything we need here.



XV. National Historic Preservation Act (NHPA)



Not sure what if anything we need here.



XVI. Environmental Justice (EJ)



Executive Order (EO) 12898 (59 FR 7629 (Feb. 16, 1994)) establishes federal executive branch policy on environmental justice.  Based on this Executive Order, the EPA’s Environmental Appeals Board (EAB) has held that environmental justice issues must be considered in connection with the issuance of federal Prevention of Significant Deterioration (PSD) permits issued by EPA Regional Offices [See, e.g., In re Prairie State Generating Company, 13 E.A.D. 1, 123 (EAB 2006); In re Knauf Fiber Glass, Gmbh, 8 E.A.D. 121, 174-75 (EAB 1999)]. This permitting action, if finalized, authorizes emissions of GHG, controlled by what we have determined is the Best Available Control Technology for those emissions.  It does not select environmental controls for any other pollutants. Unlike the criteria pollutants for which EPA has historically issued PSD permits, there is no National Ambient Air Quality Standard (NAAQS) for GHG. The global climate-change inducing effects of GHG emissions, according to the “Endangerment and Cause or Contribute Finding”, are far-reaching and multi-dimensional (75 FR 66497).  Climate change modeling and evaluations of risks and impacts are typically conducted for changes in emissions that are orders of magnitude larger than the emissions from individual projects that might be analyzed in PSD permit reviews. Quantifying the exact impacts attributable to a specific GHG source obtaining a permit in specific places and points would not be possible [PSD and Title V Permitting Guidance for GHGS at 48].  Thus, we conclude it would not be meaningful to evaluate impacts of GHG emissions on a local community in the context of a single permit.  Accordingly, we have determined an environmental justice analysis is not necessary for the permitting record.



XVII. Conclusion and Proposed Action   



Based on the information supplied by CCL, our review of the analyses contained in the TCEQ PSD Permit Application and the GHG PSD Permit Application, and our independent evaluation of the information contained in our Administrative Record, it is our determination that the proposed facility would employ BACT for GHGs under the terms contained in the draft permit. Therefore, EPA is proposing to issue CCL a PSD permit for GHGs for the facility, subject to the PSD permit conditions specified therein. This permit is subject to review and comments. A final decision on issuance of the permit will be made by EPA after considering comments received during the public comment period. 






APPENDIX



Annual Facility Emission Limits  



Annual emissions, in tons per year (TPY) on a 365-day total, rolled daily, shall not exceed the following:



Table 1. Facility Emission Limits1

		FIN

		EPN

		Description

		GHG Mass Basis

		TPY CO2e2,3

		BACT Requirements



		

		

		

		



		TPY2

		

		



		TRB1

TRB2

TRB3

TRB4

TRB5

TRB6

TRB7

TRB8

TRB9

TRB10

TRB11

TRB12

TRB13

TRB14

TRB15

TRB16

TRB17

TRB18

		TRB1

TRB2

TRB3

TRB4

TRB5

TRB6

TRB7

TRB8

TRB9

TRB10

TRB11

TRB12

TRB13

TRB14

TRB15

TRB16

TRB17

TRB18

		Combustion Turbines

		CO2

		146,6014

		146,74747524

		116 491 lb CO2e/MMBtu MMscf outlet LNG for each turbine. See Special Conditions III.A.1.k.



		

		

		

		CH4

		2.84

		

		



		

		

		

		N2O

		0.284

		

		



		TO-1

		TO-1

		Thermal Oxidizer 1

		CO2

		196,438

		196,456458

		57.8 tons CO2/MMscf combusted. Good Combustion and Operating Practices. See Special Conditions III.A.2.



		

		

		

		CH4

		0.55

		

		



		

		

		

		N2O

		0.02

		

		



		TO-2

		TO-2

		Thermal Oxidizer 2

		CO2

		196,438

		196,456458

		57.8 tons CO2/MMscf combusted. Good Combustion and Operating Practices. See Special Conditions III.A.2.



		

		

		

		CH4

		0.55

		

		



		

		

		

		N2O

		0.02

		

		



		TO-3

		TO-3

		Thermal Oxidizer 3

		CO2

		196,438

		196,456458

		57.8 tons CO2/MMscf combusted. Good Combustion and Operating Practices. See Special Conditions III.A.2.



		

		

		

		CH4

		0.55

		

		



		

		

		

		N2O

		0.02

		

		



		WTDYFLR1

		WTDYFLR1

		Wet/Dry Gas Flare 1

		CO2

		90066,670

		4,47071,270

		MSS gas flow rate limited to 298,593340,734 lb/hr. Good Combustion Practices. See Special Condition III.A.3.



		

		

		

		CH4

		170184

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		WTDYFLR2

		WTDYFLR2

		Wet/Dry Gas Flare 2

		CO2

		90066,670

		4,47071,270

		MSS gas flow rate limited to 298,593340,734 lb/hr. Good Combustion Practices. See Special Condition III.A.3.



		

		

		

		CH4

		170184

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		MRNFLR

		MRNFLR

		Marine Flare

		CO2

		20525,932

		21728,607

		Normal operation limited to 2,8008,760 hours/yr. Good Combustion Practices. See Special Condition III.A.3.



		

		

		

		CH4

		0.56107

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		GEN1

		GEN1

		Emergency Generator 1

		CO2

		35

		35

		Limit operation to no more than 27 hours on a 12-month rolling basis. See Special Condition III.A.4.b.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		GEN2

		GEN2

		Emergency Generator 2

		CO2

		35

		35

		Limit operation to no more than 27 hours on a 12-month rolling basis. See Special Condition III.A.4.b.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		GEN3

		GEN3

		Emergency Generator 3

		CO2

		35

		35

		Limit operation to no more than 27 hours on a 12-month rolling basis. See Special Condition III.A.4.b.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		GEN4

		GEN4

		Emergency Generator 4

		CO2

		35

		35

		Limit operation to no more than 27 hours on a 12-month rolling basis. See Special Condition III.A.4.b.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		FWPUMP1

		FWPUMP1

		Fire Water Pump 1

		CO2

		3813

		3813

		Limit operation to no more than 52 hours on a 12-month rolling basis. See Special Condition III.A.4.c.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		FWPUMP2

		FWPUMP2

		Fire Water Pump 2

		CO2

		3813

		3813

		Limit operation to no more than 52 hours on a 12-month rolling basis. See Special Condition III.A.4.c.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		FWPUMP3

		FWPUMP3

		Fire Water Pump 3

		CO2

		2213

		2213

		Limit operation to no more than 52 hours on a 12-month rolling basis. See Special Condition III.A.4.c.



		

		

		

		CH4

		No Emission Limit Established5

		

		



		

		

		

		N2O

		No Emission Limit Established5

		

		



		FUG

		FUG

		Fugitive Process Emissions 

		CO2

		No Emission Limit Established7

		No Emission Limit Established7

		Implementation of LDAR and AVO monitoring program. See Special Condition III.A.5.



		

		

		

		CH4

		No Emission Limit Established7

		

		



		Totals8	Comment by achartrand: There is no Footnote 8 below.

		CO2

		3,230,375 3,387,583

		CO2e 3,249,302 3,402,278

		



		

		CH4

		826 527

		

		



		

		N2O

		5.1

		

		





1. Compliance with the annual emission limits (tons per year) is based on a 365-day total, rolled daily.

2. The TPY emission limits specified in this table are not to be exceeded for this facility and include emissions from the facility during all operations and include MSS activities.

3. Global Warming Potentials (GWP): CH4 = 2125, N2O = 310298

4. The values shown are for each turbine. The emissions for all 18 turbines combined are 2,638,818 tpy CO2, 50 tpy CH4, 5 tpy N2O, and 2,641,418 558 tpy CO2e.

5. Values are less than 0.01 TPY with appropriate rounding. The emission limit will be a design/work practice standard as specified in the permit.

6. Fugitive process emissions from EPN FUG are estimated to be 433 TPY of CH4, 0.22 TPY CO2. and 9,09310,825 TPY CO2e. The emission limit will be a design/work practice standard as specified in the permit.

7. The total emissions for CH4 and CO2e include the PTE for process fugitive emissions of CH4.
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Responses to Comments on CCL Draft Statement of Basis 
 
 
Comment aw1: Asking company for an actual address. 
 


Response: A specific address has been provided.  
 
Comment AJC2: Provide an updated figure that shows the site boundary.  
 


Response: An updated figure has been provided.  
 
Comment CSV3:  I understand that these are not combined cycle turbines like those used for electricity 
generation, but is there a use for the waste heat from the other turbines, that could improve the 
efficiency of the operation? 
 


Response:  Waste heat recovery units installed on the gas turbines driving the ethylene compressors 
and on the thermal oxidizer provide all the heat required for regenerating the amine used in the 
acid gas removal unit, to regenerate the molecular sieves used to dehydrate the feed gas, and to 
provide heat in the heavies removal unit.  This is all the process heat required within the LNG trains.  
This arrangement is typical for most LNG trains utilizing the ConocoPhillips Optimized Cascade® 
Process.   


 
Comment CSV4:  Is an air intake chiller appropriate for this type of turbine?  It was included as BACT for 
Freeport. 
 


Response:  Inlet air chilling and inlet air humidification are alternative add-ons to the gas turbine 
system. The effect of each is to increase annual production by reducing the inlet air temperature to 
the gas turbine, thus allowing it to produce more power (and therefore more LNG) during high 
ambient temperatures.   CCL selected water injection utilizing the SAC turbine design with inlet air 
humidification as the most appropriate method to increase gas turbine power and reduce NOx 
emissions.  Note that neither inlet air chilling nor inlet air humidification affects the operating 
characteristics of the gas turbines themselves.  These accessories simply allow the turbine to 
operate in a more favorable operational range, thus mitigating some of the effects of high ambient 
temperatures.   


 
Comment AJC5:  Provide the percentage of the waste stream that is CO2.  
 


Response:  Turbine exhaust is 3.5% (by volume) CO2.  A sentence has been added to the text in the 
CCS section.  


 
Comment CSV6:  I don’t agree with this – Freeport is using electric drive motors.  Granted they haven’t 
built it yet, but  it is what they selected as BACT.  It should at least be carried through the analysis here. 
 


Response:   This has been addressed in revisions to the section on electric-driven compression.  
 
Freeport LNG is in an ozone non-attainment area which requires that project to meet LAER, which 
likely was an important factor in their selection of electric motors.    Electric motors used as the 
main drivers for LNG refrigeration compressors are currently in operation only on one LNG plant, in 







Norway, and have not yet demonstrated the reliability necessary to sustain base load LNG 
production.   


 
Comment ahb7:  So if the waste heat recovery units can heat water or generate steam, then the 
turbines would be considered combined cycle turbines?  If so, then it is not clear that these are in fact 
simple cycle turbines.  I think an explanation (technical reason(s)) is needed as to why these waste heat 
recovery units cannot or should not heat water or generate steam. P. 10 says The gas turbines that CCL 
plans to use to provide refrigerant compression will provide 100% of the plant heating needs (hot oil and 
regeneration services) through waste heat recovery units installed on the gas turbine exhausts of the 
ethylene compressors 
 


Response:   The only conceivable use for steam generated by a HRSG installed on the other gas 
turbines would be to install steam turbines to generate electrical power.  CCL’s basic design and 
business purpose calls for electrical power to be provided through the local grid.  Using steam-
generated power at the CCL site to supplement the imported electrical power would obstruct CCL’s 
basic business purpose for the following reasons: 
 


1. The capital and operating cost for such additional equipment would be significant, making 
the project non-competitive with grid supply and other LNG producers. 


2. There is not sufficient space on the site to accommodate all of the additional steam and 
power generation equipment for three trains.   


3. The inclusion of steam would add significant complexity to the LNG operation and introduce 
safety and operational risks that are not warranted by any benefits obtained. 


 
Comment aw8:  4 have a waste heat recovery unit, but claim they are simple cycle since they do not 
heat water or generate steam. 
 


Response:  See response to Comment ahb7 above. 
 
Comment AHB9:  This sentence is not related logistical hurdles.  I gather later on there would be a more 
detailed discussion re. the project being simple cycle as opposed to combined cycle?  I suggest moving 
this statement to the more detailed discussion on this topic. 
 


Response:  As previously explained in a May 24, 2012 response to questions, the propane and 
methane turbines are simple cycle. The ethylene compressor turbines are considered combined 
cycle since the waste heat from them is utilized to heat a synthetic hot oil. The waste heat recovery 
from the ethylene compressor turbines will provide all of the heating required for the LNG trains. 


 
Comment ACJ10:  Can we further clarify why only 6 turbines have WHRU? How much excess heat will 
there be?  
 


Response:  See response to Comment ahb7 above. 
 
Comment ahb11:  And is such conversion technically infeasible or otherwise inappropriate and, if so, 
why?   
 


Response:  See response to Comment ahb7 above. 
 







Comment AHB12:  Is it readily apparent why a HRSG cannot be installed?  If not, can a sentence or 2 be 
added to explain?  Does this amount to redefining the source – fundamentally changing the purpose and 
objective of the facility?   If it is, then the Guidance addresses refining source in Step 1 (not including it 
as an available technology and explains why it amounts to redefining the source). 
 


Response:  See response to Comment ahb7 above. 
 
Comment ahb13:  6 CTs have WHRU.   
 


Response:  See response to Comment ahb7 above. 
 
Comment CSV14:  They must have some use for it, as 6 of the units are equipped with heat recovery 
units? 
 


Response:  See response to Comment ahb7 above. 
 
Comment ahb15:  You mean no need other than for the CCS to work?  There is nothing else at the 
facility that can use the generated heat/power?  If I understand correctly, this does not sound like a 
technical infeasibility scenario.  Maybe it is more of an energy impact issue b/c energy will be created 
and unused/wasted?   
 


Response:  See response to Comment ahb7 above. 
 
Comment CSV16:  Are these liquefaction trains operated intermittently?  If they are not, then this 
argument doesn’t make sense. 
 


Response:  The LNG Trains are designed to run continuously, but can be shut down for maintenance 
or to be on standby for commercial reasons.  The CCL facility is designed to be bi-directional, having 
the flexibility to either import or export LNG.  It should be noted that the WHRUs on each LNG train 
provide the process heat for just that LNG train itself.  If the LNG train is not operating there is no 
need for process heat to be generated by a WHRU in that train and then sent elsewhere.  


 
Comment ahb17:  Cost effectiveness is not a technical issue and is therefore not appropriate for 
eliminating a control technology under Step 2.     
 


Response:  Recommend deleting the sentence that this comment refers to. 
 
Comment AHB18:   How does the longer period of time to come on line impede or otherwise affect the 
operation of the project?  
 


Response:  See response to Comment ahb7 above. 
 
Comment AHB19:  Is it readily apparent why potential transient loading of the turbines makes combined 
cycle a non-viable alternative?  If not, can 1 more 2 sentences be added to explain this? 
 


Response:  Combined cycle is of no benefit to the plant operation unless used to generate steam for 
supplemental power generation, which is not feasible due to a lack of available plot space for such 
equipment on the site.  


 







Comment AHB20:  Step 2 does not consider cost.   
 


Response:  See response to Comment CSV9 above. 
 
Comment AHB21:  Please clarify whether we consider this to be a logistical hurdle and how so. 
 


Response:  A 160-mile pipeline is obviously a significant logistical hurdle, as it requires obtaining 
rights-of-way from many landowners, the construction of multiple compressor stations, and the 
construction and operation of the pipeline. 


 
Comment ahb22:  Since this technology is being eliminated here, it would not be considered in Step 4, 
including its cost.  That said, the cost analysis is part of the permit application and therefore part of the 
permit record.     
 


Response:  See response to Comment CSV9 above. 
 
Comment AHB23:  If Pio document identifies barriers different from the barriers discussed above, it 
should be discussed in detail here as opposed to just a reference.  It is not clear what project is involved 
in the Pio Pico permit and how it is similar or comparable to the current project.   If Pio issues are the 
same and already discussed, you can note the specific issues that were addressed in Pio Pico and with 
the same outcome. 
 


Response:  No comment. 
 
Comment AHB24:  I assumed these issues were all discussed above.  If not, please do so.  It really does 
not matter whether we or the applicant raise the issues, as long as all of the technical and logistical 
issues are discussed above in this step. 
 


Response:  No comment. 
 
Comment CSV25:  Not sure that the Pio Pico argument really applies here.  Pio Pico was able to reject 
CCS because of the intermittent operation, right?  Will these be intermittent? 
 


Response:  See response to Comment CSV16 above. 
 
Comment CSV26:  Is there some other reason (such as needing to meet LAER?) that freeport chose to 
use these?  If so, then I would make those arguments further down.  I think it is going to be very difficult 
to make the claim that they are technically infeasible here, when we determined they were BACT 
elsewhere.   
 


Response:  Freeport LNG is in a non-attainment area for ozone and therefore needed to meet LAER.  
Statements have been added to the text to indicate that Freeport LNG’s selection of electric-driven 
compression was not driven by BACT.  


 
Comment CSV27:  Actually, it was selected for Freeport. 
 


Response:  It was not selected as BACT for Freeport.   
 
Comment ahb28:  What is the consequence of not achieving 100% capacity?  Is this a fatal flaw?   







 
Response:  Not achieving design capacity likely would impact the commercial viability of the project 
significantly. 


 
Comment AHB29:  According to p.36 of guidance, unproven alone does not show “technical 
infeasibility.”  We also need to consider whether it is available and applicable to the source type under 
review.  Does the fact that one facility cannot achieve 100% nameplate capacity makes this design 
inapplicable here?   
 


Response:  See response to CSV9 above. 
 
Comment AJC30:  EPA would like to augment the “redefining the source” argument with additional 
rationale.  
 


Response:  Additional rationale for not using electric-driven compression has been added to this 
section.  


 
Comment CSV31:  Freeport LNG is using an oxidation catalyst?  I understand that it is a different turbine 
design, and may have done so for VOC control, but why is it technically infeasible here?   
 


Response:  Freeport is using catalytic oxidation on a combined cycle turbine with waste heat 
recovery that is used for power generation at the natural gas pretreatment site, not liquefaction.  
We said originally that catalytic oxidation was infeasible due to temperature.  This is not true for the 
ethylene turbines with the WHRU.  The level of control on 1 ppmv of CH4 in the exhaust stream 
would be minimal and would actually generate more CO2. 


 
Comment j32:  Do we know the design energy efficiency measures they will use.  I would anticipate 
Sierra Club commenting on this and requesting that these be specified in the permit. AW: Asking 
company for a thermal efficiency. 
 


Response:  CCL proposes an output-based limit of 369 lb CO2e/MMscf of outlet LNG, on a 12-month, 
rolling average.  This is based on CO2e emissions per turbine that have been updated with new GWP 
for methane and LNG production of 1.8 billion scf/day. 


 
Comment ahb33:  Same comment as in Freeport: Can you add a sentence or two on what these 
operational parameters are? 
 


Response:  Text has been added to this section to define the operational parameters of the project.  
 
Comment CSV34:  Is this an output based limit, or an input based limit?  Wouldn’t an output based limit 
be based on lb CO2e/ some measure of compression? Like hp-hr as in Copano?  What about a thermal 
efficiency limit, like Copano? 
 


Response:  A proposed output-based limit has been added here.  
 
Comment CSV35:  Is there a thermal efficiency limit? 
 


Response:  Yes, there is a limit to thermal efficiency. Typical simple-cycle aeroderivative combustion 
turbines have an efficiency limit of approximately 40%.  GE advises that LM2500+G4 gas turbines 







have a thermal efficiency of approximately 37.3 to 37.7% and are one of the manufacturer’s latest 
advances in developing the maximum power and efficiency for this size of combustion turbine.   


 
Comment ahb36:  In other SOBs I see description of flare destruction efficiency.  Should that also be 
specified here for these flares? 
 


Response:  A sentence on the flare destruction efficiency has been added.  
 
Comment AHB37:  Why “generally” if there are no emissions being routed there during normal 
operation?  
 


Response:  Generally there is only leakage from valves and seals that go to flare. 
 
Comment AHB 38:  GHG destruction efficiency? 
 


Response:  A sentence has been added in a previous paragraph regarding destruction efficiency.  See 
response to Comment ahb36. 


 
Comment ahb39:  Can we briefly describe why flares cannot be enclosed?  In oil and gas NSPS 
rulemaking, we received comment that seems to suggest some partial enclosure can or should be 
allowed.  We disagree but it may be worth explaining here why an enclosure cannot be used. 
 


Response:  The installation of ground flares is outside of the basic design and business purpose of 
the project.  Due to its complex design, the capital cost of ground flares is two to three times more 
than a conventional elevated flare.  Moreover, periodic maintenance every two to three years is a 
significant impact to plant reliability and emissions required to facilitate such maintenance.  Finally, 
the CCL site has very limited space to accomodate a ground flare.  Therefore, CCL elected to propose 
elevated flares in lieu of enclosed ground flares.  


 
Comment ahb40:  Is it readily apparent that flare gas recovery requires a continuous stream and, if not, 
can you add a sentence or 2 to explain why flare gas recovery is not feasible without continuous 
stream?  Since there is no description of how flare gas recovery works, it is hard to know why it is not 
feasible here (at least for lay persons). 
 


Response:  The flares are designed to handle emergency reliefs, with flows varying from 0 to 3 
million pounds per hour (the worst case blocked outlet relief scenario).  Such reliefs are extremely 
rare and generally of short duration, less than 10 minutes. It is not feasible to recover such high 
volume, short duration reliefs and they must be sent to flare to avoid overpressure conditions.  Text 
has been added to clarify this.  


 
Comment ahb41:  It is not clear from this write-up whether this technology is being eliminated as 
technically infeasible.  In the BACT analysis for the other emission sources, there is usually a statement 
upfront identifying the technology(ies) that are technically infeasible.  Can you do the same here?  Or 
can you clarify whether this one is considered technically feasible? 
 


Response:  CCL has designed the systems for operability and maintainability and to minimize leaks 
and flaring.  








No. of Turbines = 18


Average Operating Rate = 6656 BTU/Hp-hr/compressor turbine [1]
Annual Operating Time = 8760 hrs/yr [1]


Power of Compressor= 32075 kW/ each compressor turbine [1]
43013 HP / each compressor turbine [1]


Emission Rates per Turbine
Average Maximum Annual
(lb/hr) (lb/hr) (tpy)


CO2 53.02 kg/MMBtu [2] 3.35E+04 3.68E+04 1.47E+05


CH4 1.0E-03 kg/MMBtu [2] 6.31E-01 6.94E-01 2.77E+00
N2O 1.0E-04 kg/MMBtu [2] 6.31E-02 6.94E-02 2.77E-01


CO2e -- -- [3] 3.35E+04 3.69E+04 1.47E+05


LNG production = 1.8 billion scf/day


Output based limit


Total CO2e emissions = 6.63E+05 lb/hr (for all 18 turbines)
Daily CO2e emissions = 1.59E+07 lb/day (for all 18 turbines)


Output based limit = 491.41 lb CO2e/MMscf LNG produced


[1] Data provided by Cheniere.
[2] Based on EPA default factors in U.S. EPA, 40 CFR 98 Subpart C, Tables C-1 and C-2 for natural gas.


Sample Calculations:


CH4  = 0.001 kg 6656.00 Btu 43013.00 Hp 2.205 lb 0.6313 lb
MMBtu Hp-hr 1000000 kg hr


CO2e = 33470.44 lb +         21* 0.6313 lb +             310* 0.0631 lb 33505.03 lb
hr hr hr hr


Corpus Christi Liquefaction, LLC
Corpus Christi Liquefaction Project


=


=


Refrigeration Compressor Turbines - 
Greenhouse Gases


Pollutant Emission Factor References


[3] CH4, CO2, and N2O are included in the emissions of CO2 equivalent (CO2e), weighted according to their global warming 


potentials (GWP). The GWP of CH4 is 21, of CO2 is 1, and of N2O is 310.


Corpus Christi Liquefaction, LLC Page 1 of 1
Revised 1/31/2014


Trinity Consultants
124402.0057







Responses to Comments on CCL Draft Statement of Basis 
 
 
Comment aw1: Asking company for an actual address. 
 

Response: A specific address has been provided.  
 
Comment AJC2: Provide an updated figure that shows the site boundary.  
 

Response: An updated figure has been provided.  
 
Comment CSV3:  I understand that these are not combined cycle turbines like those used for electricity 
generation, but is there a use for the waste heat from the other turbines, that could improve the 
efficiency of the operation? 
 

Response:  Waste heat recovery units installed on the gas turbines driving the ethylene compressors 
and on the thermal oxidizer provide all the heat required for regenerating the amine used in the 
acid gas removal unit, to regenerate the molecular sieves used to dehydrate the feed gas, and to 
provide heat in the heavies removal unit.  This is all the process heat required within the LNG trains.  
This arrangement is typical for most LNG trains utilizing the ConocoPhillips Optimized Cascade® 
Process.   

 
Comment CSV4:  Is an air intake chiller appropriate for this type of turbine?  It was included as BACT for 
Freeport. 
 

Response:  Inlet air chilling and inlet air humidification are alternative add-ons to the gas turbine 
system. The effect of each is to increase annual production by reducing the inlet air temperature to 
the gas turbine, thus allowing it to produce more power (and therefore more LNG) during high 
ambient temperatures.   CCL selected water injection utilizing the SAC turbine design with inlet air 
humidification as the most appropriate method to increase gas turbine power and reduce NOx 
emissions.  Note that neither inlet air chilling nor inlet air humidification affects the operating 
characteristics of the gas turbines themselves.  These accessories simply allow the turbine to 
operate in a more favorable operational range, thus mitigating some of the effects of high ambient 
temperatures.   

 
Comment AJC5:  Provide the percentage of the waste stream that is CO2.  
 

Response:  Turbine exhaust is 3.5% (by volume) CO2.  A sentence has been added to the text in the 
CCS section.  

 
Comment CSV6:  I don’t agree with this – Freeport is using electric drive motors.  Granted they haven’t 
built it yet, but  it is what they selected as BACT.  It should at least be carried through the analysis here. 
 

Response:   This has been addressed in revisions to the section on electric-driven compression.  
 
Freeport LNG is in an ozone non-attainment area which requires that project to meet LAER, which 
likely was an important factor in their selection of electric motors.    Electric motors used as the 
main drivers for LNG refrigeration compressors are currently in operation only on one LNG plant, in 



Norway, and have not yet demonstrated the reliability necessary to sustain base load LNG 
production.   

 
Comment ahb7:  So if the waste heat recovery units can heat water or generate steam, then the 
turbines would be considered combined cycle turbines?  If so, then it is not clear that these are in fact 
simple cycle turbines.  I think an explanation (technical reason(s)) is needed as to why these waste heat 
recovery units cannot or should not heat water or generate steam. P. 10 says The gas turbines that CCL 
plans to use to provide refrigerant compression will provide 100% of the plant heating needs (hot oil and 
regeneration services) through waste heat recovery units installed on the gas turbine exhausts of the 
ethylene compressors 
 

Response:   The only conceivable use for steam generated by a HRSG installed on the other gas 
turbines would be to install steam turbines to generate electrical power.  CCL’s basic design and 
business purpose calls for electrical power to be provided through the local grid.  Using steam-
generated power at the CCL site to supplement the imported electrical power would obstruct CCL’s 
basic business purpose for the following reasons: 
 

1. The capital and operating cost for such additional equipment would be significant, making 
the project non-competitive with grid supply and other LNG producers. 

2. There is not sufficient space on the site to accommodate all of the additional steam and 
power generation equipment for three trains.   

3. The inclusion of steam would add significant complexity to the LNG operation and introduce 
safety and operational risks that are not warranted by any benefits obtained. 

 
Comment aw8:  4 have a waste heat recovery unit, but claim they are simple cycle since they do not 
heat water or generate steam. 
 

Response:  See response to Comment ahb7 above. 
 
Comment AHB9:  This sentence is not related logistical hurdles.  I gather later on there would be a more 
detailed discussion re. the project being simple cycle as opposed to combined cycle?  I suggest moving 
this statement to the more detailed discussion on this topic. 
 

Response:  As previously explained in a May 24, 2012 response to questions, the propane and 
methane turbines are simple cycle. The ethylene compressor turbines are considered combined 
cycle since the waste heat from them is utilized to heat a synthetic hot oil. The waste heat recovery 
from the ethylene compressor turbines will provide all of the heating required for the LNG trains. 

 
Comment ACJ10:  Can we further clarify why only 6 turbines have WHRU? How much excess heat will 
there be?  
 

Response:  See response to Comment ahb7 above. 
 
Comment ahb11:  And is such conversion technically infeasible or otherwise inappropriate and, if so, 
why?   
 

Response:  See response to Comment ahb7 above. 
 



Comment AHB12:  Is it readily apparent why a HRSG cannot be installed?  If not, can a sentence or 2 be 
added to explain?  Does this amount to redefining the source – fundamentally changing the purpose and 
objective of the facility?   If it is, then the Guidance addresses refining source in Step 1 (not including it 
as an available technology and explains why it amounts to redefining the source). 
 

Response:  See response to Comment ahb7 above. 
 
Comment ahb13:  6 CTs have WHRU.   
 

Response:  See response to Comment ahb7 above. 
 
Comment CSV14:  They must have some use for it, as 6 of the units are equipped with heat recovery 
units? 
 

Response:  See response to Comment ahb7 above. 
 
Comment ahb15:  You mean no need other than for the CCS to work?  There is nothing else at the 
facility that can use the generated heat/power?  If I understand correctly, this does not sound like a 
technical infeasibility scenario.  Maybe it is more of an energy impact issue b/c energy will be created 
and unused/wasted?   
 

Response:  See response to Comment ahb7 above. 
 
Comment CSV16:  Are these liquefaction trains operated intermittently?  If they are not, then this 
argument doesn’t make sense. 
 

Response:  The LNG Trains are designed to run continuously, but can be shut down for maintenance 
or to be on standby for commercial reasons.  The CCL facility is designed to be bi-directional, having 
the flexibility to either import or export LNG.  It should be noted that the WHRUs on each LNG train 
provide the process heat for just that LNG train itself.  If the LNG train is not operating there is no 
need for process heat to be generated by a WHRU in that train and then sent elsewhere.  

 
Comment ahb17:  Cost effectiveness is not a technical issue and is therefore not appropriate for 
eliminating a control technology under Step 2.     
 

Response:  Recommend deleting the sentence that this comment refers to. 
 
Comment AHB18:   How does the longer period of time to come on line impede or otherwise affect the 
operation of the project?  
 

Response:  See response to Comment ahb7 above. 
 
Comment AHB19:  Is it readily apparent why potential transient loading of the turbines makes combined 
cycle a non-viable alternative?  If not, can 1 more 2 sentences be added to explain this? 
 

Response:  Combined cycle is of no benefit to the plant operation unless used to generate steam for 
supplemental power generation, which is not feasible due to a lack of available plot space for such 
equipment on the site.  

 



Comment AHB20:  Step 2 does not consider cost.   
 

Response:  See response to Comment CSV9 above. 
 
Comment AHB21:  Please clarify whether we consider this to be a logistical hurdle and how so. 
 

Response:  A 160-mile pipeline is obviously a significant logistical hurdle, as it requires obtaining 
rights-of-way from many landowners, the construction of multiple compressor stations, and the 
construction and operation of the pipeline. 

 
Comment ahb22:  Since this technology is being eliminated here, it would not be considered in Step 4, 
including its cost.  That said, the cost analysis is part of the permit application and therefore part of the 
permit record.     
 

Response:  See response to Comment CSV9 above. 
 
Comment AHB23:  If Pio document identifies barriers different from the barriers discussed above, it 
should be discussed in detail here as opposed to just a reference.  It is not clear what project is involved 
in the Pio Pico permit and how it is similar or comparable to the current project.   If Pio issues are the 
same and already discussed, you can note the specific issues that were addressed in Pio Pico and with 
the same outcome. 
 

Response:  No comment. 
 
Comment AHB24:  I assumed these issues were all discussed above.  If not, please do so.  It really does 
not matter whether we or the applicant raise the issues, as long as all of the technical and logistical 
issues are discussed above in this step. 
 

Response:  No comment. 
 
Comment CSV25:  Not sure that the Pio Pico argument really applies here.  Pio Pico was able to reject 
CCS because of the intermittent operation, right?  Will these be intermittent? 
 

Response:  See response to Comment CSV16 above. 
 
Comment CSV26:  Is there some other reason (such as needing to meet LAER?) that freeport chose to 
use these?  If so, then I would make those arguments further down.  I think it is going to be very difficult 
to make the claim that they are technically infeasible here, when we determined they were BACT 
elsewhere.   
 

Response:  Freeport LNG is in a non-attainment area for ozone and therefore needed to meet LAER.  
Statements have been added to the text to indicate that Freeport LNG’s selection of electric-driven 
compression was not driven by BACT.  

 
Comment CSV27:  Actually, it was selected for Freeport. 
 

Response:  It was not selected as BACT for Freeport.   
 
Comment ahb28:  What is the consequence of not achieving 100% capacity?  Is this a fatal flaw?   



 
Response:  Not achieving design capacity likely would impact the commercial viability of the project 
significantly. 

 
Comment AHB29:  According to p.36 of guidance, unproven alone does not show “technical 
infeasibility.”  We also need to consider whether it is available and applicable to the source type under 
review.  Does the fact that one facility cannot achieve 100% nameplate capacity makes this design 
inapplicable here?   
 

Response:  See response to CSV9 above. 
 
Comment AJC30:  EPA would like to augment the “redefining the source” argument with additional 
rationale.  
 

Response:  Additional rationale for not using electric-driven compression has been added to this 
section.  

 
Comment CSV31:  Freeport LNG is using an oxidation catalyst?  I understand that it is a different turbine 
design, and may have done so for VOC control, but why is it technically infeasible here?   
 

Response:  Freeport is using catalytic oxidation on a combined cycle turbine with waste heat 
recovery that is used for power generation at the natural gas pretreatment site, not liquefaction.  
We said originally that catalytic oxidation was infeasible due to temperature.  This is not true for the 
ethylene turbines with the WHRU.  The level of control on 1 ppmv of CH4 in the exhaust stream 
would be minimal and would actually generate more CO2. 

 
Comment j32:  Do we know the design energy efficiency measures they will use.  I would anticipate 
Sierra Club commenting on this and requesting that these be specified in the permit. AW: Asking 
company for a thermal efficiency. 
 

Response:  CCL proposes an output-based limit of 369 lb CO2e/MMscf of outlet LNG, on a 12-month, 
rolling average.  This is based on CO2e emissions per turbine that have been updated with new GWP 
for methane and LNG production of 1.8 billion scf/day. 

 
Comment ahb33:  Same comment as in Freeport: Can you add a sentence or two on what these 
operational parameters are? 
 

Response:  Text has been added to this section to define the operational parameters of the project.  
 
Comment CSV34:  Is this an output based limit, or an input based limit?  Wouldn’t an output based limit 
be based on lb CO2e/ some measure of compression? Like hp-hr as in Copano?  What about a thermal 
efficiency limit, like Copano? 
 

Response:  A proposed output-based limit has been added here.  
 
Comment CSV35:  Is there a thermal efficiency limit? 
 

Response:  Yes, there is a limit to thermal efficiency. Typical simple-cycle aeroderivative combustion 
turbines have an efficiency limit of approximately 40%.  GE advises that LM2500+G4 gas turbines 



have a thermal efficiency of approximately 37.3 to 37.7% and are one of the manufacturer’s latest 
advances in developing the maximum power and efficiency for this size of combustion turbine.   

 
Comment ahb36:  In other SOBs I see description of flare destruction efficiency.  Should that also be 
specified here for these flares? 
 

Response:  A sentence on the flare destruction efficiency has been added.  
 
Comment AHB37:  Why “generally” if there are no emissions being routed there during normal 
operation?  
 

Response:  Generally there is only leakage from valves and seals that go to flare. 
 
Comment AHB 38:  GHG destruction efficiency? 
 

Response:  A sentence has been added in a previous paragraph regarding destruction efficiency.  See 
response to Comment ahb36. 

 
Comment ahb39:  Can we briefly describe why flares cannot be enclosed?  In oil and gas NSPS 
rulemaking, we received comment that seems to suggest some partial enclosure can or should be 
allowed.  We disagree but it may be worth explaining here why an enclosure cannot be used. 
 

Response:  The installation of ground flares is outside of the basic design and business purpose of 
the project.  Due to its complex design, the capital cost of ground flares is two to three times more 
than a conventional elevated flare.  Moreover, periodic maintenance every two to three years is a 
significant impact to plant reliability and emissions required to facilitate such maintenance.  Finally, 
the CCL site has very limited space to accomodate a ground flare.  Therefore, CCL elected to propose 
elevated flares in lieu of enclosed ground flares.  

 
Comment ahb40:  Is it readily apparent that flare gas recovery requires a continuous stream and, if not, 
can you add a sentence or 2 to explain why flare gas recovery is not feasible without continuous 
stream?  Since there is no description of how flare gas recovery works, it is hard to know why it is not 
feasible here (at least for lay persons). 
 

Response:  The flares are designed to handle emergency reliefs, with flows varying from 0 to 3 
million pounds per hour (the worst case blocked outlet relief scenario).  Such reliefs are extremely 
rare and generally of short duration, less than 10 minutes. It is not feasible to recover such high 
volume, short duration reliefs and they must be sent to flare to avoid overpressure conditions.  Text 
has been added to clarify this.  

 
Comment ahb41:  It is not clear from this write-up whether this technology is being eliminated as 
technically infeasible.  In the BACT analysis for the other emission sources, there is usually a statement 
upfront identifying the technology(ies) that are technically infeasible.  Can you do the same here?  Or 
can you clarify whether this one is considered technically feasible? 
 

Response:  CCL has designed the systems for operability and maintainability and to minimize leaks 
and flaring.  



No. of Turbines = 18

Average Operating Rate = 6656 BTU/Hp-hr/compressor turbine [1]
Annual Operating Time = 8760 hrs/yr [1]

Power of Compressor= 32075 kW/ each compressor turbine [1]
43013 HP / each compressor turbine [1]

Emission Rates per Turbine
Average Maximum Annual
(lb/hr) (lb/hr) (tpy)

CO2 53.02 kg/MMBtu [2] 3.35E+04 3.68E+04 1.47E+05

CH4 1.0E-03 kg/MMBtu [2] 6.31E-01 6.94E-01 2.77E+00
N2O 1.0E-04 kg/MMBtu [2] 6.31E-02 6.94E-02 2.77E-01

CO2e -- -- [3] 3.35E+04 3.69E+04 1.47E+05

LNG production = 1.8 billion scf/day

Output based limit

Total CO2e emissions = 6.63E+05 lb/hr (for all 18 turbines)
Daily CO2e emissions = 1.59E+07 lb/day (for all 18 turbines)

Output based limit = 491.41 lb CO2e/MMscf LNG produced

[1] Data provided by Cheniere.
[2] Based on EPA default factors in U.S. EPA, 40 CFR 98 Subpart C, Tables C-1 and C-2 for natural gas.

Sample Calculations:

CH4  = 0.001 kg 6656.00 Btu 43013.00 Hp 2.205 lb 0.6313 lb
MMBtu Hp-hr 1000000 kg hr

CO2e = 33470.44 lb +         21* 0.6313 lb +             310* 0.0631 lb 33505.03 lb
hr hr hr hr

Corpus Christi Liquefaction, LLC
Corpus Christi Liquefaction Project

=

=

Refrigeration Compressor Turbines - 
Greenhouse Gases

Pollutant Emission Factor References

[3] CH4, CO2, and N2O are included in the emissions of CO2 equivalent (CO2e), weighted according to their global warming 

potentials (GWP). The GWP of CH4 is 21, of CO2 is 1, and of N2O is 310.
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